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treatment, after 100 years, the maximum penetration depth increases slightly, from 5 mto 7 m.
The upscaling of laboratory diffusivity measurements on thin disk samples before and after
scCO; treatment to reservoir scale indicate small impact of short-term geochemical reactivity on

the diffusive properties of CONTFINING ZONES. ........ccviiiiiiie e 193

XXV



Abstract

A global effort to reduce atmospheric CO> levels and mitigate global warming is ongoing. Carbon
capture and storage (CCS) and enhanced oil recovery (EOR) are pivotal technologies for achieving
net-zero emissions, further incentivized by U.S. tax benefits. Both practices involve injecting CO>
into subsurface geological formations, where it transitions into a dense supercritical fluid phase
(scCOy). Understanding interactions between scCOz, native fluids, and the subsurface formation,
is crucial for optimizing EOR and managing risks in carbon geostorage (CGS). These interactions
are particularly complex in nanoporous systems, such as confining zones in CGS, and during

cyclic-gas injection (Huff and Puff, or HnP) in unconventional liquid-rich shale reservoirs (ULR).

This dissertation comprises two studies examining the impact of these interactions on HnP-EOR
in ULR and the long-term integrity of confining zones in CGS. The first study involves over 20
HnP-EOR tests on preserved ULR samples, coupled with analytical tools to evaluate key
parameters affecting crude oil and brine mobilization. Additionally, a shale oil reservoir model
was developed to simulate HnP-EOR in ULR and assess net carbon efficiency. In the second study,
scCO; treatments were conducted for 21 days in five confining zones and one storage zone sample
under elevated temperature and pressure (150 °F and 3000 psi). A strategy was devised to monitor
geochemical reactivity at the surface level down to the micrometer depth of invasion. Before and
after treatment, pore size distributions and effective matrix diffusivities were determined. ScCO;-
brine-rock wettability and breakthrough tests were conducted under subsurface conditions.
Following integration of these two studies with critical literature review, valuable insights into

fluid recovery during HnP-EOR in ULR and the integrity of confining zones in CGS are provided.
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Chapter 1. Introduction

Carbon dioxide (COy) is a heat-trapping gas, or greenhouse gas (GHG), that has primarily
contributed to accelerating global warming (NASA 2023). Since the beginning of the 18" century,
human activities have raised the level of CO> in the atmosphere by 50%. The historical Paris
Agreement of 2015 set long-term goals to reduce GHG emissions to limit temperature increase by
2 °C (pushing to 1.5 °C) above pre-industrial levels within this century (UN 2023). To achieve
net-zero emissions, carbon capture and storage (CCS) with CO2 enhanced oil recovery (EOR) are
required as long as fossil carbon consumption persists (Davis et al. 2018). CCS is the class of
technologies that remove CO> from the atmosphere and permanently store it in sinks, such as
oceans, soils, and geologic formations. CO.-EOR refers to the injection of CO: in
conventional/unconventional oil-bearing formations to mobilize liquid hydrocarbon and provide

additional recovery beyond primary production (Farajzadeh et al. 2020).

The injection of CO2 in geological formations for EOR was first commercially demonstrated in
1972 in Spurry County, Texas, (NETL 2010). Since then, CO2-EOR projects have been
implemented utilizing different injection schemes, including continuous flooding, cyclically,
alternating with water (WAG), and others. While continuous CO- injection is typically associated
with pumping large volumes of CO2 in conventional reservoirs, the low injectivity of
unconventional reservoirs suggests a higher cost-benefit relationship by cyclic injection from a
single well. The latter is commonly referred to as Huff-and-Puff (HnP) EOR, where the well is
shut-in after injection, allowing the solvent to diffuse into the tight matrix and contact the reservoir
oil (soak phase), and then put back on production. In the last decade, CO, HnP EOR has been

frequently applied to improve the low primary production of unconventional liquid-rich shale



reservoirs (ULR). Such reservoirs are widely abundant throughout the world and the estimated
reserves for ULR are in the order of 350 billion barrels of oil and 7300 trillion cubic feet of gas
(EIA 2013). Overall, primary production from ULR typically shows a peak in the first few months
and is followed by a sharp decline (Figure 1(a)), ultimately leading to recovery factors of less than
10% (EI1A 2020). In 2016, EOG Resources announced additional recovery factors after associated
natural gas HnP in the Eagle Ford play of 30-70% beyond primary production (Figure 1(b)) (JPT
2017). Additionally, CO.-EOR has been incentivized due to revisions in the U.S. Internal Revenue
Code (Section 45Q), which benefits companies with tax credits of $60 and $85 per metric ton of

CO- geologically sequestered with and without EOR, respectively (IEA 2023).
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Figure 1. (a) Average oil production per well in the Niobrara, Bakken, Anadarko, Permian, and Eagle Ford shale
regions. A steep peak in the first few months is observed followed by a sharp decline (EIA 2020). (b) Cumulative oil
production per well in the Eagle Ford projected during primary production (green) and estimated after gas-injection

EOR (red) (JPT 2017).

The mechanisms behind the additional production of oil during CO2-HnP in ULR are tied to CO»-

oil-rock interactions in the nanoporous matrix and attributed to hydrocarbon vaporization, oil



swelling, viscosity reduction, pressure support, interfacial tension reduction, and others (Hoffman
and Kovscek 2004, Li et al. 2013, Hemmati-Sarapardeh et al. 2014, Seyyedi et al. 2015, Odiachi
et al. 2021). The relative contribution of each HnP-EOR mechanism in ULR is also associated
with the reservoir fluid type (Hoffman and Reichhardt 2020). Hydrocarbon vaporization is the
most important for high gas-oil ratio (GOR) crude oil, while oil swelling is the most important in
low GOR. Viscosity reduction has small significance becoming important only in low GOR, and
pressure support provides low recovery regardless of fluid type. Understanding the interplay
between CO»-oil-rock interactions and recovery mechanisms is key to optimizing operational
parameters (e.g. injection pressure and rate, soaking and production times, others) during HnP-

EOR in ULR.

The U.S. Department of Energy (DoE) has established criteria to assess subsurface formations for
carbon geostorage (CGS) which are based on the storage resource (porosity), injectivity
(permeability), integrity (long-term containment), and depth (supercritical-CO2). Deep saline
aquifers, depleted conventional oil and gas reservoirs, unmineable coal seams, organic-rich shales,
basalt formations, and salt caverns, are considered potential candidates for CGS (NETL 2023).
Deep saline reservoirs are deep porous formations underlying sedimentary basins saturated with
brine (Celia et al. 2015). They are often envisioned as the most ideal option for CGS given their
abundance, excellent storage capacity and injectivity, and reduced risk of leakage due to depth,
but suffers from uncertainties in the long-term stability of CO and lack of existing infrastructure
(Luo et al. 2022). Depleted conventional oil and gas reservoirs are another promising option based
on the existing infrastructure for oil and gas wells, good storage capacity and injectivity, proven

geological containment, and CO».-EOR capability to offset costs (Dai et al. 2017). However, the



potential for induced seismicity and possible groundwater contamination are challenges that
increase the difficulty of obtaining permits and meeting regulatory requirements (Newmark et al.

2010, Berentsen and de Pater 2022).

Unmineable coal seams have been proposed for CGS due to the strong affinity of CO- to the coal
matrix (sorption), permanently storing CO>, and displacing methane (CH4) from coal beds as an
enhanced gas recovery method (EGR). (Bachu 2007). However, the permeability generated by the
set of fracture networks in the coal matrix (cleats) is highly sensitive to stress, therefore it decreases
significantly with depth, reducing injectivity. Organic-rich shales are widely available and can also
benefit from the adsorption of CO, and desorption of hydrocarbon species on organic matter (Li
etal. 2019a, Zhao et al. 2023) and are good candidates for EOR/EGR (Fatah et al. 2020). However,
their extremely low permeability and possible geochemical reactivity with CO; influence the
feasibility of CGS implementation (Goodman et al. 2011). Basalt formations are excellent
candidates for CGS given the rapid carbon mineralization when CO3 reacts with silicate minerals
in the basalt layers to form stable carbonates (Raza et al. 2022). However, large-scale storage of
CO: is limited by their geographical distribution. Salt caverns have a large storage capacity and
proven technology for underground storage of natural gas with a low risk of leakage (Pajonpai et
al. 2022). Nonetheless, the high costs associated with creating infrastructure and their limited

geographical distribution affect large-scale deployment.

For each geological formation, the mechanisms that trap CO> in the subsurface can be distinct
based on their relative trapping contribution and time scale (Zhang and Song 2014). Figure 2
illustrates the different types of mechanisms, classified into physicochemical, chemical, and

physical trapping (Al Hameli et al. 2022). In physical trapping, the supercritical CO2 (scCO-)



plume is contained by a physical mechanism, such as structural and/or stratigraphic geological
feature (static trapping), residual trapping of the scCO, plume due to brine imbibition,
heterogeneity in the petrophysical properties of the storage reservoir (local capillary trapping), and
weak physisorption in small pores (sorptive trapping) (Jiang 2011). Chemical trapping consists of
geochemical interactions between scCO. and reservoir fluids/rock, either by dissolving in
formation brine or reservoir oil (solubility trapping), dissolving rock minerals generating carbon-
bearing ionic species (ionic trapping), chemisorption onto the organic matter of coals and shales
(adsorption), or forming stable carbonate minerals by precipitation (mineral trapping) (Ajayi et al.
2019). Physicochemical trapping (i.e. hydrodynamic trapping) is the bridge between the two main
classes of mechanisms, whereby the non-wet scCO, phase is contained hydrodynamically by
capillary forces in the caprock (Bachu et al. 2007). Static (structural/stratigraphic) and
hydrodynamic are the primary trapping mechanisms in deep saline aquifers and depleted
conventional O&G reservoirs, followed by residual (capillary) and solubility (dissolution) as

secondary trapping mechanisms (Al Hameli et al. 2022).
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Figure 2. The three classes of trapping mechanisms (physical, chemical, and physiochemical) and their sub-classes

during carbon geostorage (Al Hameli et al. 2022).

The trapping mechanisms influence the storage capacity of scCO: in geological formations (Leung
et al. 2014). The US DoE method to estimate storage capacity for CCS projects (Goodman et al.
2011) is derived from the volumetric approach established by the oil and gas industry to estimate
the original oil/gas-in-place (Calhoun 1960). A detailed formulation of CO, mass at surface

conditions that can be stored in saline aquifers is shown in Equation 1.1:

43560%62.42X(1-Syir) Pco, n 7758XSyirXRsy
Bg,c0,%2204.62 By, %X6.29

GC02 = Gfree + GSOl = AHQ){ } X Esaline (11)

where G, is the mass of CO> stored at surface conditions [tonnes], while G¢,... and G, indicates
the contributions of stored scCO: as a free-phase and dissolved in irreducible brine, respectively.
The reservoir volume is represented by the area A [acres], gross thickness H [ft], and total porosity
@. For the CO; stored as free-phase, 43560, 62.42, and 2204.62, represent conversion factors from

acres-ft to ft3, g/cc to Ibs/ft3, and Ib to tonnes, respectively. The storage pore volume for the free-



phase is indicated by (1 — S,,;r), pco, IS the average density of CO; at storage conditions [g/cc],
and By o, is the CO, formation volume factor to convert volumes from storage to surface
conditions [bbl/STB]. For CO dissolved in formation brine, 7758 and 6.29 are conversion factors
from acre-ft to barrels (bbl), and bbl to tonnes, respectively. The solution gas-brine ratio (Rg,,)
indicates the amount of CO> that can be dissolved in the brine [scf/bbl], while B,, stands for the
brine formation volume factor to convert to surface conditions [bbl/STB]. Lastly, Eguine
represents the efficiency factor in deep saline storage, which can be further dismembered into a

product of efficiency components (Equation 1.2) (Bachu et al. 2007):
Eco, = EanjatEnn/ngEgesototat EaELEgEq (1.2)

where Eyy /4c and Ey, /i g are the net-to-total ratios of area and thickness, respectively. Ege/grotal
is the effective porosity. E,, E;, E; are the areal, vertical (layering), and gravitational displacement
efficiencies, respectively. They represent the macroscopic displacement efficiency at a reservoir
scale. E4 and Ej, are influenced by the geologic setting (fault, dipping, heterogeneity, layering). E,
is affected by the density and mobility (relative permeability/viscosity) difference between CO>
and formation water, since the buoyant scCO> plume rises within the geologic unit. Lastly, E; is
the microscopic displacement efficiency at the pore scale. It reflects factors such as pore size

distribution, wettability, and interfacial tension between fluids (Lake 1989).

The largest uncertainty in the calculation of the scCO. storage mass in deep saline aquifers is the
estimation of the storage efficiency factor (Egqine) (Szulczewski and Juanes 2009, Goodman et
al. 2011, Thibeau et al. 2014, Bachu 2015, Celia et al. 2015, Wei et al. 2022). Bachu (2015)

explained that the variations in Eg,;i,. (1-10%, sometimes 20%) depend on numerous factors, such



as the storage aquifer characteristics (pressure, temperature, salinity, relative permeabilities,
lithology, porosity, heterogeneity, anisotropy, areal extent, and thickness), characteristics of
confinement (mainly permeability and capillary entry pressure), and characteristics of the
operation (injection rate, injection time, number of wells, well orientation and spacing, and

injection strategy).

The storage mass of scCO. for other geological formations (depleted oil and gas reservoirs,
unmineable coal seams, organic-rich shales, basalt formations, salt caverns) are analogous forms
to Equation 1.1, but incorporate terms related to the specific trapping mechanism of that
formation. For example, the storage volume of depleted oil and gas reservoirs includes an
efficiency factor that is similar to the CO.-EOR recovery factor (RF), which can vary widely
depending on formation characteristics, operational parameters, thermodynamic conditions, and

many other factors (Lake et al. 2019).

In addition to storage capacity, long-term integrity is a key factor during geological CO; storage
(Busch et al. 2010). The three main concerns related to integrity are (1) wellbore damage and
corrosion of pipes and cement (Smith et al. 2011, Lesti et al. 2013, Bai et al. 2016, Pfennig et al.
2021), (2) seepage along pre-existing or reactivated faults and fracture networks (Mortezaei and
Vahedifard 2015, Klokov et al. 2018), (3) and leakage associated with capillary breakthrough and
molecular diffusion through the brine-saturated confining zone (Fleury et al. 2009, Rezaeyan et al.
2015, Espinoza and Santamarina 2017, Kivi et al. 2021). Interactions between CO»-fluids-rock are

present in all of the above and particularly relevant in the latter. The capillary displacement



pressure in the confining zone can be obtained by the classical Young-Laplace equation (Equation

1.3) (Cai et al. 2021, Behroozi 2022):

2X145Xycos0
P. = PscCOz — Porine = (1.3)

r

where the pressure difference between the non-wetting scCO2 phase (Pscco,) and the wetting brine

phase (Py,-ine) IS the capillary pressure (P.) in psi, y is the interfacial tension between scCO. and
brine [MN/m], 6 is the contact angle between the two fluids and the rock, and r is the connected
pore throat radius for capillary breakthrough in nanometers (Chiquet et al. 2007b). Confining zones
typically required capillary entry pressures ranging between 870 psi and 5800 psi in order to be
considered good seals for CGS (EPA 2013). After the scCO; pressure in the reservoir exceeds the
entry pressure in the caprock, upward fluid migration takes place, and the maximum scCO- height

that can be stored in the caprock (k) is obtained by Equation 1.4:

__ 2X145xycos6
T 0.433xApr

(1.4)

where h is obtained in ft, Ap is the density difference between brine and scCO: in the caprock
[g/cc], and 0.433 is the conversion factor from g/cc to psi/ft. Equation 1.4 shows that in addition
to scCOx-fluids-rock interactions, knowledge of the fluid densities of scCO.-brine systems in the

subsurface is essential to determine the capillary seal capability (van der Meer et al. 2009).

Fluid leakage due to molecular transport (diffusion) of CO> through the water-filled, nanopores of
the confining zone can become significant due to the long-term nature of geostorage (Brosse et al.
2005, Fleury et al. 2009). The diffusive flow of CO through formation brine saturating the
nanoporous confining zone may affect the reactive transport and augment the geochemical

reactivity of certain mineral species, which can impact chemo-mechanical and petrophysical
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properties (Busch et al. 2008, Henkel et al. 2014, Sanguinito et al. 2018, Goodman et al. 2019).
Molecular diffusion has also been documented as the dominant transport property during HnP-
EOR in tight porous media such as in organic-rich shales (Dang et al. 2023). In porous media,
molecular diffusion is limited by the tortuosity (t), a property that is governed by the

interconnectedness of the pore space (Equation 1.5) (Odiachi et al. 2022):

D
DAB,eff =22 (1-5)

T

where D4 is the diffusion coefficient of molecule A in the AB mixture and D4 ¢ is the effective
inter-diffusivity in the porous medium. Tortuosity in conventional formations is highly dependent
upon porosity and can increase significantly in porosities of less than 10% (Chen et al. 1977). In
unconventional nanoporous media (e.g. shales), the dependence of tortuosity with porosity is less
obvious, and other factors such as organic content should be considered to correctly estimate the
diffusive loss (Odiachi et al. 2022).

The objective of this dissertation is to investigate the factors controlling the scCO»-fluids-rock
interactions in nanoporous media that are relevant to EOR and geostorage. Considerations
regarding scCOz-oil-rock interactions during HnP-EOR in ULR are discussed in Chapter 2. The
experimental methodology to evaluate the impact of these interactions on HnP-EOR in ULR is
discussed in Chapter 3. The results pertaining to HnP-EOR in ULR are presented in Chapter 4.
Considerations regarding scCO2-brine-rock interactions during carbon geostorage are discussed in
Chapter 5. The experimental methodology to evaluate the impact of these interactions on carbon
geostorage is discussed in Chapter 6. Results relevant to carbon geostorage are presented in
Chapter 7. Lastly, Chapter 8 discusses the results presented and provides a summary of this work
with its main conclusions.
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Chapter 2. Considerations: HnP-EOR in ULR

Optimization of HnP-EOR in ULR is a multiscale and multivariable problem. It requires the
integration of information from molecular simulations in the nanopore-scale, laboratory
experiments in the core-scale, and reservoir simulations in the field-scale. In addition to the
multiscale nature, the optimization requires coupling several variables pertaining to fluids (solvent
and reservoir oil compositions), rock (sample size and state, petrophysical properties), operational
conditions (testing configuration, injection pressure and rate, soaking and production times,
number of cycles, temperature), and others. A common approach in research is to break down the
problem into smaller problems to understand the primary controls on the recovery of oil. This
chapter will discuss the impact of individual variables on the recovery and summarize the current

state of art of HnP-EOR in ULR from an experimental standpoint.

Numerous experimental studies investigated the factors impacting the oil recovery efficiency
during HnP-EOR in ULR (Gamadi et al. 2013, Song and Yang 2013, Gamadi et al. 2014, Wan et
al. 2015, Jin et al. 20174, Jin et al. 2017c, Jin et al. 2017d, Li et al. 2017a, Song and Yang 2017,
Yuetal. 2017, Adel et al. 2018, Atan et al. 2018, Li et al. 2018, Dang 2019, Li et al. 2019b, Kumar
et al. 2020, Mamoudou 2020, Mamoudou et al. 2020, Min et al. 2020, Sie and Nguyen 2020,
Ghanizadeh et al. 2021, Lu et al. 2021, Mamoudou et al. 2021, Odiachi et al. 2021, Song et al.
2021, Tovar et al. 2021, Zeng et al. 2021, Zhu et al. 2021, Chen et al. 2022, Cruz et al. 2022, Shilov
et al. 2022, Sondergeld et al. 2022, Dang et al. 2023, Liu et al. 2023, Yao et al. 2023). Specific to
CO2 HnP-EOR, Table 1 lists the testing conditions and summary of results, including sample
parameters, experimental conditions, minimum miscibility pressure (MMP), and oil recovery

factors (RF).
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Table 1. List of experimental studies which analyzed the performance of CO, during HnP-EOR in unconventional liquid-rich shale reservoirs.

o Rock T Pinj MMP*  ST/PT OIil RF
i
Author Year Size @
Sample Sample [°F] [psi] [psi] hr %
(D/L) (uD) (%)
10-31
) Mancos 5.0
Gamadi et C10-Ci3 Plug 850-3500 24 24-41
2014 Resaturated - -
al. Isoalkanes (1.5/27) 3500 6-48 20-71
Eagle Ford 7.7
61-73
Middle 8-
~5 >90
Bakken Plug ) 103
Jinetal. 2017 Bakken As-received 230 5000 2530 24
Lower (0.5/1.57)
5 ~4 ~32
Bakken
) Plug 0.3- 1200-
Lietal. 2017 Wolfcamp  Wolfcamp Resaturated 6-8 104 1620 6/6 ~40-70
(2/1.57) 0.5 2400
1400-
Adel et al. 2018 Wolfcamp  Wolfcamp  Plug (1”) Resaturated - - 155 3500 1925 10 1-49
] Eagle Crushed
Min et al. 2020 Eagle Ford Preserved - 5 150 2500 1500 1/1 42
Ford (7-8mm)
Odiachi et Eagle Crushed
2021 Eagle Ford Preserved 0.05 10 150 3500 2500 1/1 50
al. Ford (7-8mm)
Ghanizadeh Plug
2021  Duvernay Duvernay Resaturated 0.125 2-3 - 1340 1028 1/4 46
etal. (1.5/27)
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Preserved 2500-
- 6-10 3700 22 23-40
(resaturated) 3500
Tovaretal. 2021 Wolfcamp  Wolfcamp  Plug (17) ) 165
As-received 1200-
- 7-8 1925 21 10-26
(resaturated) 3100
Plug 2800-
Zeng et al. 2021 Kerosene Mancos Resaturated - - 167 2300 24 ~39
(1.5/1.5”) 5200
Yanchang Plug
Zhu et al. 2021 Cn Resaturated - 10 140 870-2900 2000 40 18-50
Shale (1/27)
Simulated Lucaogou Plug 20-
Chen et al. 2022 ) Resaturated 8-17 - 2175 - 12 38-85
oil Shale (1/17) 4000
Wolfcamp Non- 11
- 95 35-45
Eagle Eagle Ford Plug preserved 8.5 3750-
Dang et al. 2023 2750 1/1
Ford Duvernay (1/17) 6 5000
Preserved - 95 20-35
Eagle Ford 5

*Minimum miscibility pressure (MMP) determined at experimental temperatures. ST = soak time. PT = production time. RF = recovery factor.
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Effect of sample size

In laboratory HnP-EOR in ULR experiments, the choice of sample size has been proven to
influence the oil recovery factor (Dang 2019). Core plug sizes (inch scale) are commonly selected
as representative samples of the subsurface (Tovar et al. 2021). However, the ultra-low transport
properties in nanoporous systems such as ULR impair the recovery mechanisms (Zhu et al.
2021).This increases the experimental time to achieve ultimate oil recovery on plug samples. As
observed in the studies shown in Table 1, a single experiment on a plug sample requires multiple
cycles of injection, soaking, and production on the scale of days to weeks. Given the multivariable
aspect of HnP-EOR, a set of experiments with controlling variables on plug samples requires
months and up to a year to be completed. A faster approach to achieve ultimate oil recovery and
evaluate multiple variables in shorter time-frame is the use of crushed samples of millimeter-sizes
(Dang 2019, Mamoudou 2020, Mamoudou et al. 2020, Min et al. 2020, Mamoudou et al. 2021,
Odiachi et al. 2021, Cruz et al. 2022). Crushed samples have enhanced specific surface area
favoring the mutual diffusion between solvent and crude oil which has been proven to be a major
transport mechanism during HnP-EOR in ULR (Dang et al. 2023). However, this approach yields
much higher recovery factors than observed at core-scale thus requiring proper upscaling (Akita

et al. 2018, Dang 2019).

Effect of fluid saturations

Most ULR exhibit complex microstructure including a wide range in mineralogy and organic
content resulting in fractional wettability where inorganic pores can be oil-wet, water-wet or both,
while organic pores are assumed to be oil-wet (Mukherjee et al. 2020). Moreover, the nanometer-
sized pores of ULR can induce capillary pressure values in excess of 10,000 psi for a gas-water

system (Kale et al. 2010, Sondhi 2011, Donnelly et al. 2016). Additional considerations such as
14



nanoconfinement (Teklu et al. 2014, Barsotti 2019, Shabib-Asl et al. 2020) and molecular sieving
(Zhu et al. 2020, Perez and Devegowda 2020) can interfere with the phase behavior and
preferential distribution of hydrocarbons in the nanopores. All of these factors have implications

to the accessibility of solvent to hydrocarbon molecules during HnP-EOR in ULR.

Prior to experiments, most studies often choose to resaturate the samples with either reservoir
crude oil or oils of simpler composition (e.g. dodecane) (Table 1). Although resaturation in crude
oil is beneficial to reduce variations in oil saturations among the samples as compared to non-
preserved samples, other considerations such as water saturation (Liu et al. 2023) and exposed
surface area (Dang et al. 2023) are neglected during resaturation in crude oil. To better represent
native fluid saturations and mitigate fluid loss, use of preserved sample is recommended (Tovar et
al. 2021). Additionally, separating the water-phase production from total fluid production is critical
to accurately determine the hydrocarbon recovery factor and understand the fluid mobilization

mechanisms during HnP-EOR in ULR (Cruz et al. 2022).

Effect of confinement

Most unconventional liquid-rich shale reservoirs exhibit some degree of microcracking associated
to the undergoing stages of hydrocarbon generation and migration (Vernik 1994). Microcracks and
other low-compliancy features (e.g. fractures) exhibit a strong stress-dependence with
permeability (Walsh 1981). During primary production of ULR, the depletion in pore pressure
increases the effective stress, which can significantly reduce fracture permeability (Li et al. 2021,
He et al. 2022) and also matrix permeability (Vishal and Bakshi 2023). Laboratory experiments
coupling artificially-fractured core plugs and HnP-EOR in ULR have shown higher solvent

injectivity and faster ultimate recovery factors (Ghanizadeh et al. 2021, Zhu et al. 2021). To
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demonstrate the effect of stress-dependence on the oil recovery during HnP-EOR, Dang (2019)
conducted experiments without and with confinement (1750 psi effective stress) on twin Duvernay
Shale core samples, which exhibited extensive microcracking assessed through CT-scanning. A
reduction in the ultimate recovery factor from 30% to 5% was observed when confinement was
introduced in the system, highlighting the impact of closing microcracks (i.e. reduction in surface

area) to the recovery mechanisms during HnP-EOR in ULR.

Effect of miscibility

A key factor in the optimization of HnP-EOR in ULR is the injection pressure which is associated
to the minimum miscibility pressure (MMP) required for the solvent and crude oil phases to form
a single-phase upon multiple component-exchanging contacts (Ahmed 1994, Zhang et al. 2019b).
Increasing the injection pressure to achieve complete miscibility favors the main recovery
mechanisms during HnP-EOR in ULR (Hoffman and Reichhardt 2020). However, during field
implementation, the injection pressure is often limited by the number of compressors and can lead
to scenarios of partial miscibility which impacts the oil recovery efficiency. Additionally, the effect
of nanopore confinement and shift in critical properties of fluids in nanopores can lower the
effective MMP and impact the recovery forecast during HnP-EOR in ULR (Teklu et al. 2014,

Zhang et al. 2017, Zhang et al. 2019a, Shabib-Asl et al. 2020, Sun et al. 2023a).

Different methodologies have been used to experimentally determine the solvent-crude oil MMP,
including the slim-tube test (Yellig and Metcalfe 1980), the rising-bubble method (Elsharkawy et
al. 1996), and the vanishing interfacial tension (VIT) technique (Hawthorne et al. 2016). The slim-
tube test is a traditional method which relies on the ramp-up and plateau trend in the pressure-oil

recovery curve, where recovery continuously increase with injection pressure until eventually
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flattening out at the MMP. Although commonly employed, the lack of fundamental
physicochemical definition of MMP during slim-tube testing in addition to elevated cost and long-
time measurement adversely affects this method (Zhang and Gu 2015, Ahmad et al. 2016). The
rising-bubble method offers a more efficient means of estimating MMP, yet the determination of
MMP through this method relies on the operator's visual interpretation, introducing subjectivity
into the process (Elsharkawy et al. 1996). The VIT technique suppress the previous drawbacks and
is based on a physicochemical assumption of the MMP: with increasing pressure, the interfacial
tension (hence capillary height as shown in Equation 1.4) between the two phases reaches zero at
the MMP (Ayirala and Rao 2011). The VIT test stands out as a more efficient and cost-effective

alternative to the slim-tube test, as well as the most repeatable method (Hawthorne et al. 2016).

Several factors affect the solvent-crude oil MMP including temperature, solvent composition, oil
composition, and asphaltene content (Yang and Gu 2008, Georgiadis et al. 2010a, Moradi et al.
2014, Yang et al. 2015, Li et al. 2017b, Bagalkot et al. 2018, Rouhibakhsh et al. 2018, Shang et al.
2018, Zhang et al. 2018, Ameli et al. 2019, Li et al. 2020a, Rezaei et al. 2021, Golkari et al. 2022,
Salehi et al. 2022). Increasing temperature has a decreasing effect on the IFT hence lowering the
MMP ((Hemmati-Sarapardeh et al. 2014). Regarding solvent composition, methane (CH4) shows
much larger MMP as compared to CO2 (Jin et al. 2017b). However, HC-gas enrichment by
decreasing CH4 concentration and increasing ethane (C2He) content can significantly lower MMP
(Mukherjee 2020, Min et al. 2020). The MMP of a CO,-CH4 binary mixture decreases with
increasing CO> content, whereas it increases with CO2 content for a CO,-C2Hs mixture (Choubineh
et al. 2019). Furthermore, the composition of the oleic phase including the amount of acidic and

basic components also influences the MMP (Lashkarbolooki et al. 2018). As a major drawback,

17



gas injection in oil reservoirs can lead to asphaltene precipitation, increasing the MMP and
decreasing the oil recovery (Kazemzadeh et al. 2015, Shen and Sheng 2017, Li et al. 2020b, Qian
et al. 2022). Asphaltene precipitation during gas injection occurs mainly due to contrast between
the high carbon-to-hydrogen ratio of asphaltenic compounds as compared to the low molecular
weight of paraffinic solvents (Ali et al. 2015, Shen and Sheng 2016). Overall, the complex
behavior of multicomponent mixtures highlight the importance of determining the solvent-oil

MMP during HnP-EOR

As shown in Table 1, some studies investigated the role of injection pressure with respect to the
COo-crude oil MMP on the oil recovery. Gamadi et al. (2014) tested Eagle Ford and Mancos shale
cores, observing increased recovery with rising injection pressure, which eventually plateaued.
They approximated the CO2-mineral oil MMP based on the pressure at which recovery plateaued.
Lietal. (2017a) worked with low-permeability Wolfcamp shale cores (300-500 nD) saturated with
Wolfcamp oil. Increasing injection pressure up to 200 psi above the measured MMP (slim-tube)
enhanced the oil recovery. This was attributed to shale cores' ultra-low permeability, creating an
additional pressure gradient from the core's external surface to the region where CO- and crude oil
interact. Differences in permeability and injection flow rates between slim-tube experiments and
actual shale core HnP contributed to the additional pressure drop. Adel et al. (2018) and Tovar et
al. (2021) investigated Wolfcamp shale cores from various wells, determining CO.-crude oil
MMPs via slim-tube technique. They reported significantly increased oil recoveries with rising
injection pressures, regardless of the MMP. CT-scanning assessed oil and water density changes

over time and space, linking increased recovery beyond the MMP to a slow-kinetics, peripheral
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vaporization/condensation mechanism at the interface of low-transport shale matrix and high-

transport hydraulic fractures.

To minimize energy waste and enhance the oil recovery, the cyclic reinjection of associated
produced natural gas (HC-gas) has also been frequently explored (Dang 2019, Kumar et al. 2020,
Mamoudou 2020, Min et al. 2020, Sie and Nguyen 2020, Shilov et al. 2022). To understand the
role of injection pressure and MMP during HC-gas HnP-EOR in ULR, Dang (2019) conducted
experiments using a 72:28 CH4/C2He gas mixture on preserved crushed Eagle Ford Shale samples
(mm-sized) without confinement. MMPs between HC-gas and Eagle Ford oil were measured via
the VIT technique, while total fluid recoveries were measured using NMR T». They reported low
recoveries below the MMP (<10%), increasing to 25% at the MMP, with no gain at 1000 psi above
the MMP. Kumar et al. (2020) performed produced and enriched gas HnP on varying permeability
shale samples. They reported a continuous recovery increase beyond the MMP for both gases.
Additionaly, enriching 40% of C>-C4 in injected gas did not outperform produced gas, even though

the enriched gas's MMP was 1000 psi below the produced gas's MMP.

Effect of solvent composition

Based on the differences in MMP between different solvent and crude oil, it is understood that
each solvent has a distinct effect on hydrocarbons recovery. To illustrate this effect, the cumulative
oil recoveries using different solvents reported by Jin et al. (2017a) and Dang (2019) are shown as
a function of time (Figure 3(a)) and injection cycles (Figure 3(b)), respectively. In Figure 3(a),
five tests were conducted on as-received (Soii ~40-60%), core plug samples from the Middle
Bakken (~8-100 uD) at 230 °F and injection pressures of 5000 psi, which were larger than the

measured MMPs for each solvent apart from N2 (MMP~15,000 psi). In their study, the following
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rank in injection performance was reported: C:He > CO2 > 85/15 CH4/C2Hs > CHs >> Np,

illustrating the importance of gas-oil miscibility on the recovery. In Figure 3(b), five experiments

were performed with cycles of fixed production/soaking times (1/1 hr) on preserved, crushed-sized

(7-8 mm) samples from the Eagle Ford at 150 °F, and injection pressures of 1000 psi larger than

each solvent-Eagle Ford oil MMP. Similarly to Figure 3(a), the following performances were

reported: CoHg > CO2 > 72/28 CH4/CoHs £ 76/13/11 CH4/C2He/ C3Hs (field gas) > 95/5 CHa/CaHe.

These studies indicate the injection of CO2 recovers more oil as compared to reinjection of

associated natural gas (predominantly CHs-rich) during HnP-EOR in ULR.
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Figure 3. The effect of solvent composition on the oil recovery as function of (a) time and (b) injection cycle.

Testing conditions: (a) as-received (Sqii~40-60%) core plug samples from Middle Bakken (~8-100 uD) at 230 °F and

injection pressure of 5000 psi which is larger than the MMP for the solvents used except N2 (MMP~ 15,000 psi).

Ethane (C2Hs) shows the best performance, followed by CO,, methane/ethane mixture (81/15 CH4/C;Hg), and

methane (CH.). N2 exhibits poor performance. (b) preserved crushed-size (7-8 mm) samples from Eagle Ford at 150

°F and injection pressure 1000 psi larger than each solvent-Eagle Ford oil MMP. Similar results as shown in (a),

where the larger oil recovery is observed for ethane (C2Hg), followed by CO,. The performance of HC-gas mixtures

decreases with increasing methane (CH4) content (after Jin et al. (2017a) and Dang (2019)).
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Effect of soaking and production times

The effect of soaking and production times as well as number of cycles on the ultimate oil recovery
during HnP-EOR in ULR has also been investigated. Gamadi et al. (2014) noted that longer
soaking times, especially above the MMP, led to higher oil recoveries. Additionally, they observed
that conducting multiple short soaking cycles outperformed a strategy involving only a few long
soaking cycles. Li et al. (2017a) conducted experiments that revealed an increase in oil recovery
beyond the MMP when the soaking time was extended from 3 to 6 hours. However, they found
that further extending the soak to 9 hours did not yield additional improvements in the ultimate
recovery factor. Dang (2019) analyzed preserved crushed samples from the Eagle Ford at injection
pressures above the MMP, varying soaking times (1, 3, and 6 hours) with a fixed 1-hour production
time. Extending soaking times increased recovery on a cycle-by-cycle basis, especially in the early
cycles. However, when analyzing recoveries in terms of residence time (combining soaking and
production times), all recovery curves for varying soaking times converged into a single trend.
This indicated the preference for shorter soaking times, optimizing gas compressor unit sharing
among multiple wells on the same pad. Extending the previous work by Dang (2019), Mamoudou
et al. (2020) used preserved plug samples from the Eagle Ford and molecular simulations. Their
results substantiated the hypothesis that extended soaking durations did not yield incremental
improvements in recovery when compared to shorter soaking periods. Molecular simulations
conducted in their study highlighted that the heavier fractions of hydrocarbons remained adsorbed
within the shale matrix and were not effectively mobilized with prolonged soaking. These
observations were related to the limited solvent penetration depth into the shale matrix, a

conclusion in agreement with experimental observations reported by Dang et al. (2019).
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Effect of oil composition

As indicated by simulations, the relative contribution of each recovery mechanism during HnP-
EOR in ULR is linked to the composition of the oleic phase (Hoffman and Reichhardt 2020). MMP
measurements, conducted using the VIT technique with a hydrocarbon gas mixture (72:28
CHa4/C2He), and involving three distinct ULR crude oils, revealed that the MMP increases
proportionally with the heaviness of the crude oil (Mukherjee 2020). HnP-EOR experiments
employing the same hydrocarbon gas, performed on preserved crushed samples from the Eagle
Ford Shale, at pressures both below and above the MMP, have demonstrated that the produced oil
is lighter in composition than the native crude oil (Min et al. 2020). Furthermore, the experiments
showed that the recovery of heavier fractions slightly increases with injection pressure. These
findings align with observations made during experiments conducted on resaturated plug samples
from the Wolfcamp Shale, which utilized CO- as the solvent (Tovar et al. 2021). In addition, they
reported that the oil produced from the shale was lighter than that produced from a resaturated
Berea Sandstone plug, suggesting that the limited transport capacity of shale impairs the recovery
of heavier fractions. However, detailed quantification of the recovery efficiency of each

hydrocarbon fraction during HnP-EOR in ULR in various conditions has not been performed.

To summarize, optimization of HnP-EOR in ULR is complex and involves multiple variables. Key
factors affecting oil recovery include sample size, fluid saturations, confinement, miscibility,
solvent choice, soaking and production times, and oil composition. Crushed samples allow for
faster testing due to enhanced surface area as compared to core plugs, which are more
representative but require longer experiments. Preserved samples and confinement are preferred

for simulating subsurface conditions. Regarding solvent selection, CO: injection tends to
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outperform natural gas reinjection. Multiple short-soaking cycles are better than single long
soaking time. However, the impact of injection pressure and MMP on the oil recovery and the

quantitative recovery of various hydrocarbon fractions in ULR require further exploration.
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Chapter 3. Experimental and Modeling Methodology: HnP-EOR in ULR

In this research, an experimental approach was developed to quantify how injection pressure and
the minimum miscibility pressure (MMP) influence oil recovery and the efficiency of extracting
different hydrocarbon fractions from preserved ULR samples during HnP-EOR (Figure 4). To
investigate the impact of nanopore constraints on oil recovery, HnP tests were conducted on both
the reservoir crude oil and on crushed rock samples (7-8 mm), using different gas compositions
(scCO., produced field gas, enriched field gas, and immiscible helium gas), and varying injection
pressures relative to each solvent-oil MMP (determined with the VIT technique). Before and after
each test, petrophysical properties were assessed to examine microstructural changes resulting
from solvent-fluid-rock interactions in the nanoporous system. In parallel to experiments, a shale
oil reservoir model was developed, calibrated with field data related to the well, reservoir, and
fluid properties, to simulate how solvent composition affects oil recovery efficiency during HnP-

EOR in ULR.
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Figure 4. The experimental approach for evaluating the effect of injection pressure and minimum miscibility
pressure (MMP) on the oil recovery and hydrocarbon extraction in preserved ULR samples during HnP-EOR. It
encompasses HnP tests with varied gas compositions and injection pressures on reservoir crude oil and crushed rock
samples. Petrophysical properties were evaluated between tests to analyze microstructural changes due to solvent

interactions.

Samples description

Produced crude oil and two wax-preserved core intervals (1 ft long, extracted 15 ft apart) were
acquired from a single wellbore in the Eagle Ford Shale. The crude oil had an API gravity of 51°
and a dynamic viscosity of 2.2 cP at 150 °F. CT-scanning was used to selected visually
homogeneous intervals (4-inch long) from each core. These intervals were labeled as samples EF1
and EF2 in ascending core depth order. Horizontal plugs (1-inch diameter and length) were dry-

cored at the centers of these samples and utilized for petrophysical measurements. The remaining
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material from each sample was crushed and sieved into 7-8 mm particles and stored in sealed bags

(80g each) for use in HnP-EOR experiments.

Table 2 summarizes the petrophysical properties of the two Eagle Ford Shale samples. The total
porosities of the preserved samples were determined by the combined measurements of NMR T»
(liquid-filled porosity) and helium pycnometry (gas-filled porosity) on the core plugs. Mineralogy
was determined with transmission-FTIR (Sondergeld and Rai 1994, Ballard 2007). Total organic
carbon (TOC) was measured with the LECO® method after acidizing to remove the inorganic
carbon. Overall, both shale samples share similarities, mainly composed of carbonates and clays
(primarily illite), having porosities and organic-richness (TOC) around 10% and 6wt.%,
respectively. In summary, the high porosity and considerable TOC renders the studied Eagle Ford

samples as promising candidates for HnP-EOR applications.

Table 2. Total porosity, mineralogy, and total organic carbon (TOC), of the preserved Eagle Ford Shale

samples used in the HNP-EOR study.

Total Total Total Quartz +
Samol ity bonat | feld Others TOC
ample orosi carbonates clays eldspars
P P Y P (wt.%) (wt.%)
(%) (Wt.%) (Wt.%) (Wt.%)
EF1 10.4 58 21 16 3 6.0
EF2 10.5 57 32 8 4 6.2

The pore size distribution (PSD) of the Eagle Ford crushed samples was obtained in a dry state
using two different techniques: mercury injection capillary pressure (MICP) and isothermal
nitrogen adsorption. In the case of N2 adsorption measurements, PSD was derived through density

functional theory (DFT) employing a slit-shaped pore model, based on adsorption/desorption
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isotherms and hysteresis loop characteristics (Sing 1985, Tian et al. 2020). The MICP pore throat
size distributions shown in Figure 5(a) indicated a unimodal distribution for both samples with
most intrusion occurring in pores throats with a radius below 10 nm. Calculated Rss values,
representing the characteristic pore radius where 35% of non-wetting phase intrusion occurs
(Kolodzie 1980), were notably small (approximately 5 nm), indicating the ultra-tight nature of the
samples. N2 adsorption-based PSD analysis in Figure 5(b) revealed a wide distribution across the
mesopore (2-50 nm) and macropore (>50 nm) pore volume ranges (Thommes et al. 2015),
indicating significant complexity within the nanopore system. Furthermore, the BET specific
surface areas (Brunauer et al. 1938) ranged from 2.1 to 2.7 m?/g for samples EF1 and EF2,
respectively. Additionally, Klinkenberg-corrected permeability measurements were conducted in
a dry state using nitrogen at pore pressures of 2000 psi and four effective stresses ranging from

2000 to 5000 psi, revealing ultra-low permeabilities in the nanoDarcy range (between 10-40 nD).
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Figure 5. Pore size distributions (PSD) of the Eagle Ford samples obtained in a dry state. (a) mercury injection
capillary pressure (MICP). (b) isothermal nitrogen adsorption using density functional theory (DFT) with slit-shape

model. The PSD obtained with MICP reveal intrusion occurring below 10 nm indicating that the Eagle Ford samples
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are considerable tight. The PSD extracted from N, adsorption measurements show a broad range of mesopore and

macropore volume, indicating the complexity of the nanoporous system.

The potential mobilization of hydrocarbon fractions during HnP-EOR in ULR was quantitatively
assessed using a HAWK® modified dry pyrolysis technique (Figure 6) (Dang 2019, Mamoudou
2020). This modified procedure involved breaking down the conventional S1 peak in dry pyrolysis
into five distinct sub-peaks through a controlled, stepwise temperature increase. These sub-peaks
represent various in-situ fractions of oil present in the shale rock, spanning from lighter, more
mobile components below C13 (S11) to heavier components ranging from C»z to Cso (S15) (Abrams
et al. 2017). The results indicate a higher abundance of lighter hydrocarbon species compared to
the heavier ones in both samples. It also highlights the greater hydrocarbon richness in EF1
compared to EF2. The combined quantity of the five S1 sub-peaks amounts to 15.2 and 12.4
milligrams of hydrocarbons per gram of rock for EF1 and EF2, respectively. These results signify

a substantial reservoir of potentially recoverable hydrocarbons for HnP-EOR.

28



0.03 700

S12
C,-C
0.025 - S11 o - 600
<Cy3
Z 0.2 s
& S13
2 EFR2 11 400 §
2 0.015 - =
(7 [-%]
E - 300 E
(<]
= 0.01 - =
S L 200
0.005 7 | 100
0 — 0
0 10 20 30 40 50

Time (min)

Figure 6. Quantitative assessment of hydrocarbon mobilization during HnP-EOR in ULR using a HAWK® modified
dry pyrolysis technique (Dang 2019, Mamoudou 2020). The modification consists of a stepwise temperature
program (yellow curve) to subdivide the conventional S1 peak in pyrolysis into five sub-peaks. These sub-peaks
represent various in-situ oil fractions, ranging from lighter components below Ci3 (S11) to heavier ones between C;
and Cso (S15) (Abrams et al. 2017). Results reveal a higher abundance of lighter hydrocarbons than heavier ones in
both samples. It also emphasizes EF1's greater hydrocarbon richness compared to EF2.

Hydrocarbon and brine quantification

Proper quantification of residual and recovered hydrocarbon and brine volumes is critical in the
evaluation of oil recovery mechanisms and controlling variables during HnP-EOR in ULR (Liu et
al. 2023). In this study, NMR T, and T1-T> measurements (12 MHz and TE = 0.114 ms) were
employed to quantify preserved fluid saturations and separate individual phase recovery factors

before and after each HnP cycle. Figure 7 presents the NMR T2 and T1-T> map of the two crushed

Eagle Ford samples. Their NMR T incremental spectra exhibit bimodal distributions, featuring a
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high-amplitude, fast-relaxation peak (0.2 ms), followed by a lower-amplitude, slower-relaxation
peak (1 to 10 ms). NMR T analysis of such bimodal distributions suggests the presence of two
distinct pore systems or presence of two different fluids in these samples. As shown in Figure 5,
the combined PSD from MICP and N2 adsorption confirm the existence of a single primary pore
system within the nanometer range. The NMR T1-T2 maps, as depicted in Figure 7, prove valuable
in resolving the fluid-typing challenge. The fast-relaxation peak (0.2 ms) corresponds to a high-
amplitude, circular-shaped signal relaxing at low T1/T> ratio (~10), alongside a minor amplitude
signal displaying higher T1/T> ratios (T+/T2 = 100-1000). In contrast, the second peak observed in
the T spectra appears as an elongated signal within the T1-T> maps, consisting of three principal
sub-peaks relaxing at distinct intervals. The presence of this elongated signal in the slower-
relaxation spectrum suggests the coexistence of hydrocarbons with varying molecular weights
saturating the rock, as shown in the HAWK® modified dry pyrolysis in Figure 6. Conversely, the
fast-relaxation circular signal (T+/T2 = 10) may correspond to the brine present in the rock, while
the minor amplitude signal at high T+/T> ratios likely represents a portion of the organic matter

detectable in the NMR acquisition.
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Figure 7. NMR T, and T;-T» map of the preserved Eagle Ford samples. The NMR T, incremental spectra exhibit a
bimodal distribution with a fast-relaxation peak (0.2 ms) and a slower-relaxation peak (1 to 10 ms), suggesting dual
pore systems or the presence of two different fluids. As shown in Figure 5, combined PSD results from MICP and
N2 adsorption confirm a primary nanometer-size pore system. NMR T1-T, maps offer fluid-typing insights with a
fast-relaxation circular signal potentially representing brine and a slower-relaxation elongated signal indicating a
range of hydrocarbons, as observed in the HAWK® modified dry pyrolysis results (Figure 6).
To confirm this hypothesis and separate NMR signatures of hydrocarbons and water, the Eagle
Ford preserved plug (1/1” length/diameter) sample underwent spontaneous imbibition for multiple
weeks within a doping agent solution (MnCl,, 65 wt.%), which is fairly invisible in NMR

acquisition (Gannaway 2014). As the doping agent exhibits miscibility with water and

immiscibility with hydrocarbons, it permeates the brine phase, gradually diminishing its NMR
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signal, thus enabling precise quantification of relaxation characteristics for each liquid phase
saturating the rock. Figure 8 illustrates NMR Ti-T> maps for the doping agent imbibition
experiments in the Eagle Ford sample conducted over a 2-month period. Observations reveal
negligible changes in the NMR Ti-T2 maps throughout the 1-month experimental duration,
attributed to the low diffusivity within the shale plug, restricting the doping solution's imbibition.
After 2 months of imbibition, a notable reduction in the amplitude of the fast-relaxation circular
signal emerges, signifying its interaction with the brine phase. The slow-relaxation elongated
signal remains largely unaltered, except for a minor amplitude reduction in longer T times (>100
ms), attributed to the natural evaporation of lighter components in the native oil within the

preserved plug sample following 2 months of experimentation.
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Figure 8. NMR T1-T, maps illustrating the effects of a 2-month imbibition experiment with NMR doping agent
solution (MnCly, 65 wt.%), used to distinguish hydrocarbon and water signals in Eagle Ford shale samples
(Gannaway 2014). Initial observations show limited changes within the first month of imbibition attributed to the
low diffusivity in shale. After 2 months, a decrease in the fast-relaxation signal suggests interaction with the brine

phase, while the slower signal remains largely unaltered.

Following the differentiation of hydrocarbon and water signals using NMR T:-T> data, preserved

fluid saturations (i.e., water, oil, and gas) were quantified:

Deotar (%) = Q)NMR:TZ + Dhetium (3.1)
VNMR,T1— TZ(water))XQNMRT
v _ T

Swater (%) = ——— T;(;";“l” x 100 (3.2)
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VNMR,T1- T3 (0il) y

NMR,T;
Sout (%6) = —2MRT1=Tltote) x 100 (33)
Sgas (%) =100 — Syater — Sour (3.4)

Whel’e VNMR,Tl— Tz(water)’ VNMR,Tl— Tz(Oil)’ and VNMR,Tl— Tz(total) represent the NMR T]_'TZ Water,

oil, and total volumes, respectively.
Figure 9 illustrates the preserved fluid saturations, indicating that EF2 exhibits slightly higher

water saturation relative to EF1 (33% to 26%, respectively), along with barely lower oil saturation

(32% to 36%, respectively), as indicated by the preserved rock pyrograms presented in Figure 6.
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Figure 9. Initial fluid saturations of the preserved Eagle Ford samples were determined with NMR T1-T, and total

porosity data. EF2 shows slightly larger water saturation and barely lower oil saturation compared to EF1.
Minimum miscibility pressure (MMP) measurement
The MMPs between each solvent gas and Eagle Ford crude oil were assessed at reservoir
temperature (150 °F) using the vanishing interfacial tension (VIT) technique (Hawthorne et al.

2016). Further details of the VIT experimental setup can be found in Mukherjee (2020). This
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method uses a small glass tube in a high-pressure, high-temperature cell to visualize the interaction
between crude oil and solvent gas (Figure 10(a)). By gradually increasing gas pressure, surface
tension between the immiscible phases decreases, causing the meniscus height to drop (Figure
10(b)). The VIT-MMP is determined when the capillary height disappears, indicating the
formation of a single-phase gas-oil system (Figure 10(c)). The VIT-MMPs for each solvent-Eagle
Ford oil pair measured at reservoir temperature (150 °F) are shown in Figure 10(d). ScCO;
exhibits the lowest MMP at 2500 psi, followed by enriched field gas (C1: 74%, C2: 14%, Cz+: 12%)
at 3450 psi, and produced field gas (C1: 67%, C2: 13%, Cs+: 20%) at 3850 psi. The enriched field
gas was formulated by blending 90 mol% of the produced field gas with 10 mol% of drip liquids
from the pipeline. The enrichment in the field gas resulted in a decrease in C1 from 74% to 67%

and an increase in the Cs+ fraction from 12% to 20%.
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Figure 10. The vanishing interfacial tension (VIT) method to determine minimum miscibility pressure (MMP). (a)
Image of the meniscus formed at the interface of solvent gas and crude oil inside the capillary within the HPHT cell
at reservoir temperature are shown. (b) As pressure rises, surface tension between the two immiscible phases
diminishes, causing a decrease in the capillary height. (c) The VIT-MMP is identified when the capillary height
disappears. (d) scCO, exhibits the lowest MMP (2500 psi), followed by enriched field gas (3450 psi) and produced
field gas (3850 psi).

HnP-EOR experiment
The experimental design shown in Figure 11 was used to conduct the HnP-EOR experiments at

the reservoir temperature (150 °F), using different gas compositions (scCO., produced field gas,

enriched field gas, and immiscible helium gas), and various injection pressures relative to each
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solvent-oil VIT-MMP. Details of the HnP-EOR experimental setup can be find in Mamoudou
(2020). In this study, tests were conducted on both the reservoir crude oil (~3 mL sample) and on
the preserved crushed rock (7-8 mm, 80g). Soaking and production times of 1 hour each were

selected. The cumulative recovery factor of each liquid phase after an injection cycle (RF;ycien)

was determined through NMR measurements using Equation 3.5:

RFcycien (%) = 2preEOR~Jeyclen X100 (3.5)

SpreEOR

where Sy,egor aNd Scycen are the saturations of the liquid phase before EOR and after a cycle (n).

The saturations of each liquid phase were determined with Equation 3.2 and 3.3.

To quantify compositional changes of the crude oil after an injection cycle, the residual amount of
each alkane present in the crude oil (Vyxanen) Was calculated by the combination of NMR T2 (12
MHZ, TE = 0.4 ms) and gas-chromatography, mass-spectrometry (GC-MS) measurements.
Further details of the combined NMR and GC-MS framework can be found in Odiachi et al.
(2021). Quantification of the residual alkane fraction after an injection cycle is shown in Equation

3.6:

VNMR T, nXNalkanen
L) — 2 }
Vaikanen (%) = v N x 100 (3.6)
NMR T3,preEORXNaikane,preEOR

where Vyur r,» is the NMR T2 volume of the residual crude oil and Ny xane » is the abundance of

the alkane normalized by the total abundance of alkanes after an injection cycle (n), respectively.

The product Vyyr 1, preror X Naikane preeor i the analogous quantity before EOR.
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When ultimate oil recovery is reached after multiple injection cycles, the relative recovery of each
hydrocarbon fraction present in the rock was assessed by conducting modified dry pyrolysis

measurements on the crushed rock after EOR (Equation 3.7):

RFsli (%) — (Sli)preEOR_(Sli)postEOR % 100 (37)

(S11+S12++S15)preEOR

where RFg . is the recovery factor of the S;; fraction. (Si)preror aNd (S1i)posteor are the

quantities of the fraction S;; before and after EOR, respectively.

Pressure Autoclave Autoclave P, =7500psi Qven P, =7500 psi
regulator valve valve Tinax = 150°F Toax = 150°F
R E ﬁl Vindum valve Vindum valve  Vindum valve ;'
[— £ lo 0 0 o}——0 000 lo 000
¥ Metered
needle
valve

TTT
L S3HONI

-
| \T-———‘ Computer Pressure vessel| | Pressure Vessel|
} control
P ax = 6000 psi E
Solvent gas ‘ ’ Piston pump ‘ . -

Figure 11. Experimental setup used in the HnP-EOR experiments (Mamoudou 2020). Testing conditions: multiple
solvent gases (scCOg, produced field gas, enriched field gas, and immiscible helium gas) at various pressures,
reservoir crude oil (~3 mL), preserved crushed rock (7-8 mm, 80 g), soaking and production times of 1hr each,

temperature of 150 °F.
Shale oil reservoir model

A shale oil reservoir model was created using CMG (Computer Modeling Group) software to

replicate the HnP-EOR process in ULR (Figure 12). The model was fine-tuned with field
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parameters encompassing reservoir, well, and fluid characteristics from an Eagle Ford Shale oil
operation. It features a four-stage, hydraulically-fractured horizontal well with a lateral length of
approximately 750 ft, situated in a dual-permeability reservoir. Matrix properties consisted of a
porosity-permeability combination of 6%-25 nD, while fractures exhibited porosity-permeability
characteristics of 0.06%-40 uD. Additionally, a matrix tortuosity value of 16 was selected based
on experimental data (Odiachi et al. 2022). The initial reservoir temperature and pressure were
150 °F and 6000 psi, respectively. Relative permeability and capillary pressure relationships were

derived separately, with the reservoir unit located above the water-oil contact.

3D View

|nject°r/Producer CrOSS-SECﬁona| View

80 ft

1250 ft

Figure 12. The shale oil reservoir model developed using CMG software to simulate the HnP-EOR process in
unconventional liquid-rich shale reservoirs (ULR). The model is calibrated with field parameters for reservoir, well,
and fluid properties, gathered from an Eagle Ford Shale oil operation. It features a hydraulically-fractured horizontal

well with four stages and a lateral length of approximately 750ft, within a dual-permeability reservoir.

Fluid properties were imported from the CMG WinProp tool, highlighting primary oil constituents
lumped into fractions (mol%): C1: 51%, Caz: 26%, C7+: 22%. This indicates that the shale oil is
relatively light, with a bubble point pressure at the reservoir temperature (150 °F) of 3500 psi. A

small fraction of non-hydrocarbon constituents (~1 mol%), including N2 and CO., was included
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in the reservoir oil composition. Oil-solvent MMPs at reservoir temperatures were aligned with
the measured VIT-MMPs and simulated using the multiple mixing cell method (Ahmadi and Johns

2011) under various conditions of solvent increment and equilibrium gas-oil ratios.

The simulations were performed using a compositional simulator (GEM). Molecular diffusion was
included the simulations, where the diffusivity of individual species were determined by Graham’s
law (Mason and Kronstadt 1967). The simulation constraints included a minimum bottomhole
pressure (BHP) of 5500 psi to ensure that the shale oil remained above the bubble point. The
maximum BHP was adjusted throughout the injection phase in accordance with each simulation.
The simulation commenced with approximately 2.5 years of primary production. Subsequently,
the HnP cycles were initiated, comprising a 30-day injection period, followed by a 3-month
soaking period, and culminating with a 15-month production phase. In total, a decade of simulated

operations encompassed primary production and five HnP-EOR cycles.
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Chapter 4. Results: HnP-EOR in ULR

Crude oil HnP-EOR

This study initially investigated oil recovery mechanisms at the bulk phase through HnP-EOR tests
conducted on an Eagle Ford crude oil sample. As depicted in Figure 13, NMR T spectra (12 MHz,
TE = 0.4 ms) were acquired following multiple HnP cycles using scCO; (Figure 13(a)) and
produced field gas (Figure 13(b)). Both tests were conducted at reservoir temperature (150 °F)
and injection pressures 1000 psi greater than the respective solvent-crude oil MMPS (Pinj,scCO2 =
3500 psi, and Pinj,produced field gas = 4850 psi).

In the case of the scCO test, a substantial reduction in residual volume was observed after the first
injection cycle, accompanied by a shift in the T2 peak towards shorter relaxation times. A similar
shift towards faster relaxation occurred in the second cycle, though the reduction in residual
volume was notably smaller. The scCO: test achieved ultimate recovery around 80% after two
HnP cycles (Figure 13(c)). Conversely, the produced field gas test exhibited a gradual decrease in
residual oil volume and shift towards faster relaxation with increasing injection cycles. The
produced field gas test required ten cycles to attain an ultimate recovery of approximately 50%
(Figure 13(d)). The higher and faster oil recovery in indicates that scCO; has a better HnP

performance than produced field gas, as shown in Figure 3.
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Figure 13. Bulk Eagle Ford crude oil response during HnP-EOR. (a) NMR T spectra of oil during scCO, HnP
showing a substantial reduction in residual volume and a shift towards fast relaxation in the first cycle. (b) NMR T
spectra after produced field gas HnP, demonstrating gradual recovery and a shift towards fast relaxation, resulting in

a larger residual oil volume compared to scCO,. (¢) Qil recovery factor for scCO; test calculated using Equation
3.5, indicating ~80% oil recovery after two cycles (d) Parallel results for produced field gas HnP, with gradual and
lower recovery, flattening at ~50%.

The faster relaxation observed after each subsequent injection cycle can be attributed to an
increased oil viscosity and a decreased oil diffusion coefficient following EOR. Figure 14(a) and
Figure 14(b) illustrate the derived oil viscosities and oil diffusion coefficients for bulk oil

relaxation, calculated using Equation 4.2 and 4.3, respectively (Coates et al. 1999):
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Figure 14. Bulk Eagle Ford crude oil response during HnP-EOR. (a) Computed oil viscosity using Equation 4.2. (b)
Computed oil diffusion coefficient using Equation 4.3. Increase in oil viscosity and decrease in diffusion coefficient
associated with increasing oil heaviness during HnP is observed. The trends are more pronounced with scCO, as

compared to produced field gas.

1 ~ 1 (41)

Tz,bulk Tz,peak

T,
n(cp) = 0.00713 ——— (4.2)
Tz,bulk(s)
m? Tk
D,(—) = 1. x 107° 4.3
o s ) 3 (298n> 0 (4.3)

In these equations, Ty, represents the T2 time corresponding to the peak (T3 peqx), 17 Signifies

the oil viscosity in centipoise (cp), Tx stands for the NMR measurement temperature in Kelvin,

2
and D,, is the oil diffusion coefficient (mT). Figure 13 demonstrates a notable rise in oil viscosity

(approximately one order of magnitude) and a reduction in the diffusion coefficient following

scCO2 HNP in the bulk oil. Comparatively, the produced field gas test produced less pronounced
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trends in oil viscosity and diffusion coefficient. Visual confirmation of a significant increase in oil
viscosity during scCO2, HnP is observed based on the before (Figure 15(a)) and after (Figure
15(b)) images of the crude oil in the glass vial. The increase in oil heaviness within the bulk oil
indicates that a vaporization of lighter components from the oil into the solvent phase plays a

significant role in the recovery mechanism during HnP-EOR.

Figure 15. Image comparison between the bulk Eagle Ford oil sample in a glass vial. (a) before scCO; HnP-EOR.

(b) after two injection cycles. There is a notable reduction in oil volume and a substantial increase in viscosity.

Figure 16 displays the outcomes of integrating NMR and GC-MS to quantify the residual volume
of individual alkane species within the oil during HnP-EOR. The breakdown of alkanes (up to C2s)
present in the residual crude oil after scCO- and produced field gas HnP is shown in Figure 16(a)
and Figure 16(b), respectively. The residual oil fraction of each alkane was calculated using
Equation 3.6. During scCO2 HnP, substantial production of hydrocarbon fractions ranging from
C12 to Cos after the initial cycle is observed, leading to a clear reduction in the amount of these
fractions remaining in the oil. Interestingly, during the second cycle, there is a preference for

producing lighter fractions up to Cio, While the recovery of heavier fractions decreases, and no
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production occurs above Cs. This suggests that the vaporization of heavier compounds during
HnP-EOR mainly occurs in initial cycles and depends on the quantity of lighter phases present in
the oil. A similar trend in the produced field gas test is observed (Figure 16(b)), where most of
the recovery for heavier fractions happens during the first cycle, followed by gradual production
of lighter species in subsequent cycles. Overall, the composition of the remaining crude oil
becomes progressively heavier with each additional injection cycle, regardless of the solvent

selected.
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Figure 16. Effect of HnP-EOR on crude oil composition, obtained after integrating NMR and GC-MS data. (a) and
(b) display alkane distributions during scCO- and produced field gas HnP, respectively. After the initial scCO, HnP

cycle, there is substantial production of hydrocarbon fractions (C12 to Czs), reducing residual volumes. During the
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second cycle, preference for lighter fractions up to Cig is observed, with reduced recovery for heavier fractions
(none above Cy.). Produced field gas test show a similar trend, with the majority of heavy fraction recovery in the
first cycle and gradual production of lighter species in subsequent cycles. Overall, remaining crude oil becomes

heavier with each injection cycle, regardless of the solvent used.

Simultaneously with the HnP-EOR tests, MMP measurements with the residual crude oil were
conducted using the VIT-technique, as explained in Figure 10. Based on the gradual HnP
performance, this study was conducted with produced field gas at a pressure of 1000 psi above the
initial MMP (4850 psi) and at reservoir temperature (150 °F). The aim was to assess how the
increasing heaviness of the oil during HnP affects the solvent-crude oil miscibility, as determined
by VIT-MMP measurements. Figure 17(a) illustrates capillary height-pressure curves after each
injection cycle. At lower pressures (<2000 psi), these curves fairly align with the original solvent-
crude oil curve (with an experimental error margin). However, distinctions emerge at higher
pressures (>3000 psi) and after a few cycles, as higher pressures are required to make the capillary
height vanish. Figure 17(b) reveals that the gradual production of light fractions and the increasing
heaviness of the oil over injection cycles result in an increase in the solvent-residual oil MMP. For
instance, after six injection cycles, the MMP for the residual oil is approximately 800 psi higher
than the original crude oil-solvent MMP. This suggests that the vaporization mechanism leads to

higher injection pressure to achieve miscibility in subsequent cycles, impacting ultimate recovery.
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Figure 17. Impact of HnP cycles on the solvent-residual crude oil MMP determined with the VIT technique. Given
the gradual oil recovery, these HnP tests were conducted using produced field gas at 1000 psi above the original
MMP and 150 °F. (a) Capillary height-pressure curves after several injection cycles. At lower pressures (<2000 psi),
curves closely align with the original solvent-crude oil MMP. However, distinctions became evident at higher
pressures (>3000 psi) and after few injection cycles, requiring elevated pressures to reach single-phase. (b)
Increasing oil heaviness during cycles lead to increased solvent-residual oil MMP. After six cycles, the MMP is
approximately 800 psi higher than the original MMP, suggesting impairment on miscibility and impacting oil

recovery.
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Crushed rock HnP-EOR

Similarly, to the bulk crude oil HnP-EOR tests, equivalent experiments were conducted using
preserved crushed rock samples (7-8 mm) from the same well in the Eagle Ford Shale. Figure 18
provides an overview of the incremental and cumulative volumes acquired through NMR during
the scCO2 HnP test, performed at an injection pressure 1000 psi higher than the scCO,-Eagle Ford
oil MMP (Pinj,scCO2 = 3500 psi). In Figure 18(a), the decrease in residual volumes is evident for
the two primary peaks across successive injection cycles. Cumulative volume profiles reveal that
the most substantial volume reduction occurs within the initial two cycles. NMR T1-T2 maps,
before and after six injection cycles (Figure 18(a) and Figure 18(b) respectively), indicate
significant depletion in both water and oil volumes after six injection cycles, leading to ultimate

oil recovery.
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Figure 18. NMR results for the scCO, HnP test on the Eagle Ford crushed samples (7-8 mm) at injection pressure of
1000 psi above the scCO»-Eagle Ford oil MMP (Piy; = 3500 psi). (a) T.distribution showing a reduction in volume
for the two primary peaks, with a major decrease in the first two cycles. NMR T1-T» maps before HnP (b) and after

six HnP cycles (c) highlight significant reduction in oil and water volumes.

Upon achieving ultimate oil recovery after the sixth cycle, residual oil within the rock underwent
Soxhlet extraction, followed by GC-MS analysis (Odiachi et al. 2021). Figure 19(a) presents the
alkane volumes of crude oil extracted from the shale rock before and after six scCO.-HnP cycles,
determined by Equation 3.6. Similar to the results in the bulk oil scCO2 HnP test under identical

experimental conditions (Figure 16(a)), a preference for vaporizing lighter fractions is evident,
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accompanied by reduced recovery of heavier fractions above Cig. Notably, in the shale sample,

there was no production of heavier fractions above Cos, even after six injection cycles.

Additionally, the composition of the remaining crude oil within the shale rock following HnP was

assessed using a modified pyrolysis protocol demonstrated in Figure 6. Analysis of mobile

hydrocarbon fractions, as depicted in Figure 19(b), reveals the same preference for lighter

fractions and limited recovery of heavier fractions. These observations suggest that the nanoporous

nature of shale rock introduces constraints in mobilizing heavier fractions during HnP-EOR.
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Figure 19. (a) Alkane volume analysis of crude oil extracted from shale rock before and after six scCO.-HnP cycles,

highlighting the preference for vaporizing lighter fractions and minimal recovery of heavier fractions above Ci. NoO

production of heavier fractions above Ca4 occurred, even after six cycles. (b) Composition of the residual crude oil
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within the shale rock after HnP-EOR, analyzed using a modified pyrolysis protocol. The results demonstrate the
same preference for lighter fractions and limited recovery of heavier fractions, indicating constraints in mobilizing

these heavier fractions within the nanoporous shale rock system.

Furthermore, extensive testing was conducted on the two Eagle Ford samples (EF1 and EF2),
varying solvent composition (scCOz, produced field gas, enriched field gas, and immiscible helium
gas) and injection pressures. The tests were terminated when no significant increase in oil recovery
occurred after two consecutive cycles, leading to variations in the total number of cycles among
the tests. Notably, the crushed sample tests achieved considerably higher oil recovery factors than
those typically observed in the field due to enhanced surface areas and absence of confining stress

(Dang 2019).

Figure 20(a) and Figure 20(b) depict the cumulative oil recoveries for tests conducted on sample
EF1 using produced and enriched field gases, respectively. Both gases exhibit increasing oil
recovery with rising pressure, extending beyond the measured VIT-MMP for each solvent-Eagle
Ford oil pair. In the EF1 produced field gas tests, a slight increase in oil recovery is observed as
injection pressure rises from 1000 psi below the MMP to the MMP, followed by significantly
higher recovery at 1000 psi above the MMP. Conversely, the EF1 enriched field gas tests show a
gradual increase in oil recovery below the MMP to the MMP, extending to pressures up to 2000
psi above the MMP. However, it is worth noting that the enriched field gas tests did not display
the same level of recovery amplification above the MMP as observed for the produced field gas
tests. In fact, the oil recovery for the enriched field gas test at the highest pressure of 2000 psi
above the MMP (5450 psi) was lower (~56%) than that of the produced field gas test (~65%) at

1000 psi above the MMP (4850 psi).
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Figure 20. Overview of oil and water recovery during HnP tests on EF1 in varying solvent compositions and
injection pressures. (a) oil recovery with produced field gas. (b) oil recovery with enriched field gas. (c) water

recovery with produced field gas. (d) water recovery with enriched field gas.

The cumulative water production for tests conducted on sample EF1 using produced and enriched
field gases is depicted in Figure 20(c) and Figure 20(d), respectively. In these tests, water
production exhibits a monotonically linear increase after each injection cycle, persisting through
the later cycles. The results indicate that the composition of the field gas or injection pressure do
not have a substantial impact on water production. The lack of correlation between water
production and injection pressure suggests that capillary displacement is not the underlying
mechanism driving the observed fluid production. Therefore, the trend in water production can be
attributed to external diffusion of water during each injection cycle, which involves cyclic heating

to reservoir temperature and exposure to low-humidity solvent gas.
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Figure 21(a) through Figure 21(d) present analogous results for oil and water recoveries in
produced and enriched field gas tests performed on sample EF2. Three additional tests were
conducted on this sample: one using scCO at 1000 psi above the MMP (Pinj = 3500 psi) as
previously depicted in Figure 18, and two tests using immiscible helium (He) gas at the same
minimum and maximum absolute pressures as the produced field gas tests (Pinj = 2850 psi and Pin;
= 4850 psi). The He tests aimed to isolate the effects of pressure support and miscibility on oil
recovery using an immiscible gas. Overall, sample EF2 exhibits similar trends to sample EF1: oil
recoveries increase with injection pressure, extending beyond the MMP, and this effect is more
pronounced in the produced field gas tests. Water production shows a monotonically linear
increase with the injection cycles, with no discernible impact of the field gas composition or
injection pressure. The results for the scCO; test at 3500 psi show faster oil recovery at lower
absolute pressure compared to the field gases at high pressure (>4450 psi). A slightly larger water
production trend is observed for scCO- (Figure 21(d)), likely due to the larger water diffusion
coefficient in scCO2 compared to hydrocarbon phase (Kravanja et al. 2018b). In contrast, the low
oil recovery in the He gas tests conducted at the full range of injection pressures (2850 psi to 4850
psi) suggests that solvent-oil miscibility plays a critical role in controlling oil recovery. In fact, the
immiscible He gas HnP at the highest injection pressure (4850 psi) yielded lower oil recovery

(22%) than the produced field gas HnP (31%) at the lower pressure (2850 psi).
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Figure 21. Analogous plots to Figure 20 for the HnP tests conducted on sample EF2. (a) oil recovery with produced

field gas and helium (He). (b) oil recovery with enriched field gas and scCO.. (c) water recovery with produced field

gas and helium (He). (d) water recovery with enriched field gas and scCOx.

Figure 22 summarizes cumulative oil recoveries for EF1 and EF2 (Figure 22(a) and Figure 22(b),

respectively) and water production for EF1 and EF2 (Figure 22(c) and Figure 22(d), respectively)

at the conclusion of the sixth injection cycle, which marked the furthest point for which all samples

underwent HnP. A positive linear correlation between injection pressure and oil recovery is evident

for both field gases, extending beyond the respective solvent-crude oil MMPs. In contrast, water

production shows no significant relationship with injection pressure, indicating that capillary

displacement is not a dominant driver for water removal. Injecting below each field gas-crude oil

MMP shows no substantial difference in the performance of the field gases. However, produced

field gas exhibits better performance than enriched field gas at injection pressures above the MMP.
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Notably, immiscible He gas tests exhibit lower oil recovery than field gases, with scCO>
outperforming the field gases. At injection pressures above the MMP, the average oil recovery for
produced field gas is nearly three times higher than immiscible He gas and is similar to scCO- at
a lower pressure (4850 psi compared to 3500 psi). Interestingly, even at injection pressures lower
than the MMP, produced field gas performance remains approximately twice as high as immiscible
helium gas. These observations underscore the influence of partial and complete miscibility on oil

recovery and the better performance of scCO> as a solvent during HnP-EOR in ULR.
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Figure 22. Cumulative recoveries at the sixth cycle, representing the maximum cycle reached in all samples. (a) EF1
oil recovery, with a positive linear trend for field gases extending beyond the MMP. (b) EF2 oil recovery, showing
similar trends to EF1, including He gas lower performance and scCO- higher performance than field gas. (c) and (d)

depict water production for both samples, with no pressure-related trend.

Figure 23 illustrates the relative contribution of movable hydrocarbon fractions (S11 to S15) to

the total oil recovery in EF1 (left side) and EF2 (right side) determined through modified dry
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pyrolysis. Relative recovery factors were calculated using Equation 3.7. The results emphasize
that lighter fractions (S11 and S12) up to Cy7 significantly contribute to oil recovery, representing
40-60% of the total recovered oil. Importantly, the linear correlation between oil recovery and
injection pressure, as shown in Figure 22, predominantly pertains to the lighter fractions (S11 and
S12) and diminishes for heavier fractions (S13 to S15). Similar to Figure 22, immiscible He gas
demonstrates lower performance compared to field gases, while scCO; exhibits higher
performance than field gases. Additionally, there is no clear trend for the recovery of heavy
fractions. The findings from modified dry pyrolysis indicate that variations in oil recovery during
HnP EOR are driven by the preferential vaporization of lighter species in oil under favorable

miscible conditions.
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Figure 23. Relative contribution of the five movable hydrocarbon subpeaks (S1) in modified dry pyrolysis to the

total oil. EF1 and EF2 results are shown on the left and right side, respectively. Notably, the lighter fractions of the

oil within S11 and S12 (up to Cy) significantly influence overall oil recovery, irrespective of the miscibility

condition. In tests with immiscible helium gas, lighter oil fractions exhibit lower recovery compared to field gases,

while scCO; outperforms field gas. No trend is observed for the heavier oil fractions.
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Petrophysical characterization results following HnP-EOR tests using produced and enriched field
gases on both Eagle Ford samples are discussed in Appendix A. In summary, MICP pore throat
size distributions and isothermal N adsorption pore size distributions reveal an increase in
nanopore volume due to fluid removal. Notably, the N> adsorption PSD appears to better reflect
the effect of increasing pressure and fluid removal on enhancing nanopore volume. SEM images
of a high-recovery sample (EF2, produced field gas, 4850 psi or 1000 psi above the MMP) before
and after HnP-EOR, indicate that organic matter regions exhibit reduced porosity, likely due to a
film coating that clogs organic pores due to HnP process. Further analysis with cross-section
images obtained from FIB-SEM suggest that pore blockage primarily occurs at the surface, with
deeper porosity remaining unaffected. Molecular dynamics insights (Perez and Devegowda 2020)
suggest that heavy hydrocarbon fractions adhere to the surface due to their lower energy,
potentially forming the observed film in the SEM images. Overall, no major alterations in the

microstructure are observed after HnP-EOR in all field gas tests performed.

Shale oil reservoir HnP-EOR

Compositional simulations within the shale oil reservoir model were employed to gain insights
into solvent efficiency and the carbon intensity of HnP-EOR operations in ULR. Following 2.5
years of primary production with very low recovery (~1%), various HnP scenarios were simulated.
These scenarios involved different solvent compositions (produced and enriched field gases, and
scCOz) and increasing injection pressures above the initial average reservoir pressure (6000 psi).
Notably, CMG WinProp phase behavior simulations confirmed the miscibility of the three solvents

with crude oil at the initial average reservoir pressure of 6000 psi and a temperature of 150 °F.
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Figure 24 illustrates the outcomes of these scenarios for the three solvents at injection pressures
of 6000 psi, 8000 psi, and 10000 psi. Cumulative oil recoveries over time (Figure 24(a)) exhibit
enhanced performance with rising injection pressures, aligning with experimental results.
However, the consistent linear trends observed in Figure 24(b) imply that incremental oil
recoveries remain relatively stable after each cycle, in contrast to the experimental results that
showed oil recovery curves flattening over time. This variance can be attributed to the considerably
larger surface in the crushed sample experiments compared to the shale oil reservoir model.
Extending the simulation duration beyond a decade of operation could potentially reveal a similar

flattening in the recovery curve, although this would be computationally intensive.

Nonetheless, the compositional simulation results indicate that, unlike the experiments, produced
field gas displays lower performance compared to enriched field gas and scCO,. Moreover, at
higher injection pressures, scCO; exhibits a slight advantage over enriched field gas, showing the
best performance. The differences in field gas performance between the shale oil reservoir model
and experiments may be attributed to underlying factors such as methane adsorption (Wang et al.
2019) and nanopore confinement (Du and Nojabaei 2021), which were not considered in the
simulations. Molecular dynamics simulations could potentially provide insights into these effects

and the disparities in field gas performance at elevated pressures (Perez and Devegowda 2020).
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Figure 24. Simulation results using three solvents at different injection pressures (6000 psi, 8000 psi, and 10000 psi).

(a) increasing pressure leads to higher cumulative oil recoveries over time, aligning with experimental results. (b)

consistent linear trends in incremental oil recoveries, unlike the experiments that showed flattening curves over

increasing cycles. This difference is due to the larger surface area in experiments. The simulations indicate that,

contrary to experiments, produced field gas performs worse than enriched field gas and scCO,. Additionally, at

higher pressures, scCO; appears to show the best performance.

To assess the carbon intensity of the scCO2 HnP-EOR process in ULR, the moles of CO; injected

and produced were analyzed at varying injection pressures, as shown in Figure 25. Figure 25(a)

and Figure 25(b) display the amount of injected scCO- as a function of time and the number of

cycles, respectively. Corresponding results for the amount of produced scCO; are depicted in

Figure 25(c) and Figure 25(d). As pressure increases, the quantities of injected and produced

scCO also rise, primarily due to compressibility and increased solubility in the oil at elevated

pressure. In Figure 25(b), the amount of scCO: injected shows a linear increase with the number

of cycles at the same injection pressure. However, an upward deviation from this linear trend is
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evident in Figure 25(d) at high pressures, indicating excess recovery of the initial CO2 present in

the crude oil (~1mol%) as injection pressure rises.
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Figure 25. Insights into the amount of scCO; injected and produced (in gmoles) under different scenarios. (a) and (b)
cumulative scCO; injected over time and across cycles. (c) and (d) corresponding results for scCO- produced.
Increasing pressure leads to higher quantities of injected and produced scCO», influenced by compressibility, and
enhanced solubility in the oil at elevated pressures. In (b), a linear increase in the amount of injected scCO; is
observed with the number of cycles at a consistent injection pressure. However, (d) shows an upward deviation from
this linear trend at high pressures, indicating the excess recovery of the initial scCO- content in the crude oil as

injection pressure rises.

Figure 26 presents the ratio of produced to injected scCO> at varying injection pressures, offering

insight into carbon intensity. Higher values indicate substantial recovery of injected scCO2 during
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the "puff" stage, while lower ratios suggest greater scCO. storage and a less carbon-intensive
process. The findings reveal that, as injection pressure rises, the ratio of produced-to-injected
scCO; decreases, reflecting improved scCO: solubility and a less carbon-intensive operation.
Furthermore, at identical pressures, the ratio remains relatively consistent at the conclusion of each
additional "puff" cycle. Nevertheless, at elevated pressures, a slight rise in this ratio over
successive cycles is observed, aligning with the upward deviation from the linear trend in
production presented in Figure 25(d). After five HnP cycles or a decade of operation, this ratio
converges to approximately 33%, indicating that in the model, roughly 67% of the injected scCO-

is stored in the subsurface.
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Figure 26. Ratio of produced to injected scCO; at varying injection pressures. Higher values indicate recovery of
injected scCO,, implying carbon intensity, while lower ratios suggest increased scCO; storage and less carbon
intensity. Results show that with rising injection pressure, the ratio decreases due to enhanced scCO; solubility,

indicating a less carbon-intensive process. At the same pressure, the ratio remains fairly constant after each cycle,

but at high pressures, it exhibits a slight increase over successive cycles. After five HnP cycles or a decade of
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operation, the ratio converges to about 33%, implying that approximately 67% of injected scCOs is stored

underground.
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Chapter 5. Considerations: CO2-Geostorage

The examination of interactions between scCO, fluids, and rock is fundamental to ensuring the
effectiveness and sustainability of carbon geostorage (CGS), a critical strategy for combatting
global warming and achieving net-zero emissions. A specific focus of this examination pertains to
the interactions between CO- and brine in the subsurface, as these interactions have the potential
to induce geochemical reactions within the storage and confining zones, consequently affecting
the efficiency and integrity of CGS (Gaus et al. 2005, Rosenbauer et al. 2005, Espinoza et al.
2011). This chapter aims to provide an up-to-date overview of the essential CO»-fluid-rock
interactions relevant to CO. geostorage and to explore the potential ramifications of induced
geochemical reactivity on these properties, as well as their implications for the efficiency and

integrity of CGS.

Phase behavior

Understanding the PVT properties of CO> as a free-phase in the subsurface is essential in the design
of a CO2-geostorage project (Smit et al. 2014). Figure 27 illustrates the phase diagram of pure
CO- within the range of pressure and temperature conditions typically encountered in sedimentary
basins (Zhao et al. 2015c¢). The minimum injection depth for CO; storage is approximately 800 m,
equivalent to the critical pressure of CO2 (Pc ~ 1070 psi), considering a standard hydrostatic
gradient (0.433 psi/ft). Beyond the critical point, CO enters the supercritical region, displaying
increased density (Figure 28) (van der Meer et al. 2009, Span and Wagner 2015). The rise in CO>
density (pco,) With depth beyond 800 m augments both the volume of stored scCO2 within the

reservoir (Equation 1.1) and the capillary seal height (h) (Equation 1.4). Nevertheless, deep
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injection leads to elevated compressor expenses, necessitating consideration of an optimal

injection depth window (Vilarrasa and Rutqvist 2017).

Figure 27. Phase behavior of CO- and the pressure-temperature envelope in sedimentary basins (Zhao et al. 2015c).
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Figure 28. PVT properties of pure CO; (van der Meer et al. 2009, Span and Wagner 2015).
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In the binary CO2-H,O system, the interaction between the components can result in phase
densities that differ from those of pure components. King et al. (1992) found no significant
difference between the density of a water-saturated CO> phase and that of pure CO; at 77 °F.
Hebach et al. (2002) extended this observation to higher pressures (up to 4350 psi) and
temperatures (up to 122 °F). However, the density of the CO,-rich aqueous phase can significantly
exceed that of the pure aqueous phase due to the dissolution of CO in water, leading to the
formation of carbonic acid species with a higher molecular density than H,O (Garcia 2001).
Spycher et al. (2003) developed a model that accurately predicts the density of the CO2-rich water
phase, extending the work of King et al. (1992) to high temperatures and pressures of up to 212 °F

and 8700 psi (Equation 5.1):

1 _ (1—W)+ w

(5.1)

Pwsat  PW.PC  Pco,

where py, <q¢ IS the density of the CO.-saturated water phase, w is the mass fraction of dissolved
CO2, pw pc is the density of the pure water, p¢,, is the inverse of the partial specific volume of
dissolved CO; in water. Parkinson and De Nevers (1969) showed that the quantity p¢,, is weakly

dependent on the amount of dissolved CO», and for temperatures below 572 °F, independent of
pressure. In the range of temperatures of 32 °F < T < 212 °F, p¢,, is also nearly independent of
temperature, being close to 1260 kg/m? In deep saline aquifers, the increased density of brine
promotes convective mixing between phases, facilitating a more uniform distribution of injected
CO: throughout the storage reservoir (Ennis-King and Paterson 2005, Emami-Meybodi and

Hassanzadeh 2015).
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The mutual solubility of the CO.-water/brine system under subsurface conditions has been
experimentally investigated in several studies (Weiss 1974, King et al. 1992, Diamond and
Akinfiev 2003, Spycher et al. 2003, Duan et al. 2006, Zhao et al. 2015c, Zhao et al. 2015b, Zhao
et al. 2015a, Steel et al. 2016, Chabab et al. 2021). Figure 29 illustrates the pressure-composition
diagram of the CO2-H>0O system at temperatures up to 212 °F and pressures up to 4350 psi (Zhao
et al. 2015c¢). On the left side of the graph (circles), the mole fraction of CO; in the aqueous phase
is represented, while on the right side (triangles), it indicates the mole fraction of CO> in the gas
phase. The three-phase lines denote the vicinity of the critical point (Tc ~ 304 K, Pc~ 73 bar).
Under subsurface conditions (above the critical point), the change in the composition of the CO,-

rich gas phase is negligible (xo,: 1 to ~0.995). In contrast, the mole fraction of dissolved CO in

H>0 increases with rising pressure and decreasing temperature. At 323 K and 150 bar (122 °F and
2175 psi), the mole fraction of dissolved CO> in the aqueous phase is approximately 2.2 mol%

(XCOZ”'O.OZZ).

Utilizing Equation 5.1 and pure component data from NIST Chemistry WebBook (Shen 2023),
the density of the aqueous phase increases by nearly 2 wt.% (from 994.5 to 1015.2 kg/m? for pure
H20 and COg2-rich H20, respectively). In brine systems, the solubility of the non-polar CO>
substance diminishes with an elevated salt concentration in the aqueous phase, a phenomenon
known as the "salting-out effect" (Steel et al. 2016, Ho and llgen 2017, Chabab et al. 2021).
Detailed discussion on the influence of ion composition on the solubility of CO2 in brine is given

by Zhao et al. (2015b).
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Figure 29. Pressure-composition phase diagram for the CO,-H,0 system at P-T conditions applicable to CO;

storage. In this diagram, the circles correspond to the mole fraction of CO; in the aqueous phase, while the triangles

indicate the mole fraction of CO- in the gas phase (Zhao et al. 2015c).

Interfacial tension

The interfacial tension between carbon dioxide and water/brine systems has been extensively
studied (Massoudi and King 1974, Chun and Wilkinson 1995, da Rocha et al. 1999, Hebach et al.
2002, Park et al. 2005, Akutsu et al. 2007, Sutjiadi-Sia et al. 2008, Chiquet et al. 2007b, Bachu
and Brant Bennion 2009, Bachu and Bennion 2009, Chalbaud et al. 2009, Aggelopoulos et al.
2010, Georgiadis et al. 2010b, Aggelopoulos et al. 2011, Bikkina et al. 2011, Li et al. 2012, Pereira
et al. 2016). Experimental determination of the interfacial tension primarily relies on two
traditional techniques: the capillary-rise method and axisymmetric drop shape analysis (ADSA).

These methods fundamentally hinge on solving the Young-Laplace equation at the interface
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between the gas and water (Behroozi 2022). Overall, drop-shape analysis is the preferred method
due to its superior accuracy, broad measurement range, and better reproducibility (Xing et al.

2013).

For conducting COz-water/brine interfacial tension measurements using ADSA, two
configurations are employed: (a) pendant-drop, and (b) rising-drop/bubble (Figure 30). The
nomenclature "drop/bubble™ is adopted for the rising technique to account for the phase behavior
of CO2 below and above the critical point. In the pendant-drop configuration, a sufficiently large
droplet of water/brine is carefully extruded through a needle under a surrounding CO2 phase.
Alternatively, the rising-drop/bubble configuration is the systematic opposite (CO2 droplet/bubble
submerged into an external aqueous phase). In both cases, gravity forces acting on the drop/bubble

are balanced by the interfacial forces between the two fluid phases.

Water/
brine

Needle

Water/
brine

() (b)

Figure 30. The two experimental configurations to determine the CO-water/brine IFT using ADSA. (a) agueous
droplet in the surrounding CO; phase (pendant-drop) and (b) CO- droplet/bubble in the surrounding aqueous phase

(rising-drop/bubble) (Prem and Imran 2018).
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After fluid-equilibrium has been established (i.e., no mass transfer and no chemical reaction
between the two phases), the interfacial tension is determined based on Equation 5.2, whose
mathematical derivation can be found elsewhere (Andreas et al. 1938, Hansen and Radsrud 1991,

Rio and Neumann 1997, Yeow et al. 2008, Berry et al. 2015):

Ap)gR3
y = ook (5.2)

Here, y represents the interfacial tension, Ap is the density difference between the two fluids, g is
the gravity constant, R, is the radius of curvature at the drop/bubble apex, and g is a shape factor.
The shape factor corresponds to the dimensionless Bond number, which characterizes the ratio of
gravitational forces to surface forces. Precise determination of the interfacial tension relies on
accurate density values for the fluid phases (Hebach et al. 2002, Chiquet et al. 2007b, Pereira et
al. 2016) and calculation of the size parameters, R, and . These size parameters are obtained
through proper system calibration and iterative fitting of the drop contour (Bashforth 1883). A
large value of B (indicating the dominance of gravity forces over surface forces) results in a
"pendant-shaped™ drop, providing a unique combination of R, and y and reducing numerical
errors. In contrast, "spherical-shaped” drops generate lower g values, leading to multiple
combinations of R, and y and increased measurement errors (Neeson et al. 2014). Therefore, it is

generally recommended to measure the interfacial tension in the gravity-dominated regime.

Several other factors in the experimental design should be considered to obtain reproducible
interfacial tension data. These include placing the thermocouple as close as possible to the
droplet/bubble phase (Kvamme et al. 2007), thorough solvent cleaning between tests to prevent

contamination (Prem and Imran 2018), adequate pre-equilibration times between the two fluid
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phases (Hebach et al. 2002, Yang et al. 2005), and measuring the interfacial tension as soon as it
reaches equilibrium to minimize prolonged evaporation of the droplet phase (Tewes and Boury

2004).

Table 3 provides comprehensive information on the measurement conditions of the selected
studies, encompassing measurement techniques, gas and liquid phase compositions, equilibration
methods and times, methods used for evaluating the densities of each phase, reported density
difference ranges, temperature and pressure ranges, aqueous phase molalities, and reported
interfacial tension values. The selection criteria for the studies included in this analysis are based
on two main factors: (1) pre-equilibration of both fluid phases, and (2) the availability of
experimental measurements or modeling of aqueous-phase density, along with the inclusion of

reported density difference.
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Table 3. Measurement conditions for CO»-water/brine IFT data selected in this study.

Equilibration Fluid densities T P M IFT
Reference Technique Liquid
Method Time Method  Ap [kg/m?] [°F] [psi] [mol/kg] [MN/m]

Chalbaud et ) )

RD/B H,O+NaCl GC min  theoretical 95-980 77-212  700-3700 0.1-2.7 25-48
al. (2009)
Chiquet et al. H,0, ) 95-230, 0, 23-46,

PD MV min  measured 40-900 700-6500
(2007b) H.O+NaCl 95 0.3 30-45
Aggelopoulos .

RD/B H,O+CaCl; GC 24hr  theoretical ~ 90-1110 77-212  750-3700 0.05-2.7 28-56
etal. (2010)
Aggelopoulos .

RD/B H.O+NaCl+CaCl, GC 24hr  theoretical ~ 90-1050 77-212  750-3800 0.1-3 27-54
et al. (2011)
Bikkina et al. .

PD H.O SV 24hr  theoretical  110-970 77-140  200-3000 0 22-61
(2011)
Lietal. ) )
(2012) PD H.O+NaCI+KCI SV min theoretical  40-1120 77-347  300-7300 1-5 19-66
Pereira et al. )
(2016) PD H.0 SV min  measured 55-990 77-200  50-10000 0 13-69

Technique: PD=pendant-drop, RD/B=rising-drop/bubble.

Equilibration: GC=gas cap, MV=mixing vessel, SV=static vessel.
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Multiple experimental investigations have explored the impact of pressure and temperature on the
interfacial tension (IFT) between pure water and CO.. Figure 31 provides a synthesized
representation of the IFT data collected from Table 3, showing variations in response to changes
in pressure and temperature. When proper experimental protocols are followed, which include pre-
equilibration and accurate density determinations, a notable consensus emerges in the literature

regarding the trends in CO»-H.O IFT, predominantly concerning pressure.
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Figure 31. Averaged CO»-H,O IFT as function of pressure and at different temperatures using the dataset from
Table 3. Notably, the IFT exhibits a distinct shift in the linear trend with pressure, especially below and above its
critical point. The IFT in the supercritical CO; region also appears to decrease at elevated temperatures.
Below the CO; critical point (Pc ~ 1070 psi) and above the critical temperature (T¢ ~ 88 °F), where
CO: exists as a gas, IFT exhibits a steep and linear decrease with increasing pressure along the
same isotherm. This phenomenon is primarily attributed to the increased gas solubility in the so-
called Henry regime (Chiquet et al. 2007b). In contrast, above the critical point but below boiling

point of H20 (212 °F at standard pressure), the IFT undergoes a gradual reduction with increasing
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pressure, eventually reaching a pseudo plateau at around 26 mN/m (Chalbaud et al. 2009, Hebach
et al. 2002). The relatively weak decline in IFT with pressure in the supercritical CO state is due
to its liquid-like characteristics and substantially reduced compressibility (Georgiadis et al. 2010b).
Pereira et al. (2016) highlighted that this trend transition becomes less evident with increasing
temperature, especially beyond 212 °F. According to their findings, elevated temperatures can
lower the pseudo plateau IFT of 26 mN/m to 18.4 mN/m (at 302 °F) and further to 12.6 mN/m (at

392 °F).

When considering temperatures below the boiling point of H2O, the CO2-H,O IFT shows a less
pronounced trend with temperature along the same isobar. This can be attributed to three main
competing factors as temperature increases (Xing et al. 2013): the weakening of intermolecular
forces lead to IFT reduction, while greater decrease in bulk CO2 phase density (in comparison to
H>O phase density) yields increased density differences, which added to the reduced gas solubility,
contribute to IFT increase. These competing effects have led to inconsistencies in the literature
concerning measured trends of CO2-H2O IFT with temperature (see Chiquet et al. (2007b), Bachu
and Bennion (2009), Georgiadis et al. (2010b)). In practical applications, these variations imply
minor IFT deviations with temperature, which are overshadowed by the more significant IFT
impact of pressure. Nevertheless, Figure 31 underscores the need to account for temperature
effects on IFT during CO. storage in deep reservoirs where high temperature conditions may occur

(Pereira et al. 2016).

The impact of salinity in the aqueous phase on the CO>-H>O IFT interfacial tension has been a
subject of investigation by various researchers (Chiquet et al. 2007b, Bachu and Bennion 2009,

Chalbaud et al. 2009, Aggelopoulos et al. 2010, Aggelopoulos et al. 2011, Li et al. 2012). Figure
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32, based on Chalbaud et al. (2009), presents the CO2-H.O IFT in the presence of sodium chloride
as a function of molality (M = moles of solute per kilogram of solvent), pressure, and temperature.
With increasing temperature (from 81 °F up to 212 °F), the transition between the two CO2-H.0
IFT trends with pressure (initial significant decrease followed by flattening) extends to higher
pressures, regardless of the salt concentration. Prior to reaching the pseudo plateau IFT, an increase
in NaCl molality results in a linear IFT increase in comparison to pure H2O. This increase becomes
more pronounced at elevated temperatures. Beyond the pseudo plateau, the average IFT increase

with molality compared to pure H2O becomes temperature-independent (at 81 °F < T < 212 °F),

maintaining a consistent slope (% = 1.43) (Figure 33).
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Figure 32. CO-brine (NaCl) IFT as function of molality, pressure, and temperature (Chalbaud et al. 2009).
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Figure 33. Effect of salt valence and molality on the CO»-H,O IFT (Aggelopoulos et al. 2011). The IFT data
represent the averages of the pseudo plateau IFTs for each temperature (81 °F, 160 °F, 212 °F). The average IFT

increase is relative to the pseudo plateau IFT of pure water (~y,o~26mN /m).

Figure 33 also illustrates the impact of salt valence on CO»-brine IFT. Aggelopoulos et al. (2010)
and Aggelopoulos et al. (2011) examined the effect of salt composition on the IFT by conducting
measurements under the same pressure and temperature conditions as Chalbaud et al. (2009) using

CaClz and an equimolar mixture of NaCl and CaClz. They observed a more substantial increase in
the average pseudo plateau IFT when using CaCl» (fw—y = 3.21). Interestingly, the average increase
in the pseudo plateau IFT for an equimolar mixture of NaCl and CaCl; closely approximated the
sum of the individual IFT increases for each salt alone (% = 4.67~3.21 + 1.43). This linear

increase in IFT with salt molality and valence is attributed to the presence of structure-making
cations and structure-breaking anions concentrated at the gas-water interface (Soleymanzadeh et

al. 2021). Structure-making cations can effectively align the dipoles in H.O molecules and become
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solvated in the bulk aqueous phase (Leroy et al. 2010). A reduction in these cations at the interface
leads to an attraction of water molecules towards the bulk phase, consequently increasing
interfacial tension (Pegram and Record 2007). Chalbaud et al. (2009) proposed that this increase
in IFT with brine is proportional to the ratio of cation charge (z*) to the cation surface area (r?).
However, Mutailipu et al. (2018) examined the influence of the main cations present in formation

brine (e.g. Na*, K*, Ca?*, Mg?®") on CO,-IFT and did not observe a significant variation in IFT with

+
respect to cation valence. The i—z ratio follows the Hofmeister sequence (Hyde et al. 2017):

Cs* < Rb* < NH}f < K* < Na* < Li* < Ca?* < Mg?*

The presence of impurities (e.g. H2S, SOz, N2, Ar, CH4, H2) in the CO- stream and its effect on the
water/brine IFT has been experimentally investigated by Shah et al. (2008), Saraji et al. (2014),
Al-Yaseri et al. (2015), Kravanja et al. (2018a), Liu et al. (2016), and Dalal Isfehani et al. (2023),
respectively. The total amount of impurities (vol.%) in the CO> stream can be as large as 5-10%,
especially in the oxy-fuel and pre-combustion capture processes (Oosterkamp and Ramsen 2008).
Shah et al. (2008) reported similar trends in the H2S-H20 IFT to the CO2-H20 IFT. y,, s decreases
with increasing pressure levelling off around 9-10 mN/m at higher pressures (P > 1700 psi) and
higher temperatures (T > 161 °F). The pseudo plateau yy,s was close to 30-40% of the pseudo
plateau y¢o,, stressing the effect of acid gas on the H20 IFT. The CO2-H2S mixture with H20
(70:30 mol% H3S:CO) was observed to be similar in IFT to the molar averages of the CO2-H.0
and H2S-H>0 binary mixture IFTs. Similarly, Saraji et al. (2014) observed a linear decrease in the
COz-brine IFT with increasing SO, content (up to 6 wt.%) of 29 mN/m (pure CO3) as low as 18

mN/m at 3000 psi, 140 °F, and 1 M brine.
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On the other hand, Al-Yaseri et al. (2015) reported an N2-CO2 mixture IFT (50:50 mol% N2:CO»)
with brine (0.5 wt.% NaCl) of around 41 mN/m at 1900 psi and 113 °F. This value was much
closer to the pure CO2-brine IFT as compared to N2-brine (39 mN/m to 61 mN/m, respectively).
Kravanja et al. (2018a) also reported no significant difference in the CO2 IFT with formation brine
by including Ar (0-10 vol.%) as compared to pure CO2 IFT (P up to 5800 psi, T:104-194 °F). As
an application for CO; storage in depleted gas reservoirs, Liu et al. (2016) measured the CH4-CO-
IFT with brine (NaCl) over a wide range of pressures, temperatures, and salinities (P up to 5000
psi, T:77-257 °F, M up to 3.5 M). They reported that adding CH4 to the mixture increases the CO»-
brine IFT over the entire experimental conditions. Focusing on cushion gas mixing in hydrogen
geo-storage applications, Dalal Isfehani et al. (2023) evaluated the H2-CO2 mixture IFT with brine

at subsurface conditions. Interestingly, their results show that y,,, o, decreases linearly with CO:

content at lower concentrations, followed by a non-linear trend at higher CO, concentrations.

Most studies attempted to derive a functional form for the IFT between pure CO2 or CO2-gas

mixtures and brine based on the molar Parachor model (Equation 5.3) (Sugden 1921):

YUt == (p, — py) (5.3)

where y is the interfacial tension between the two phases, P is the Parachor of the component, M
is its molar mass, and p; and p,, are the densities of the liquid and vapor phases in equilibrium,

respectively.

The Parachor is a temperature-independent additive property associated with the structural
components (atoms and functional groups) of a molecule (Zhelezny et al. 2009). Quayle (1953)

extensively characterized the Parachor for various organic compounds. To describe the IFT for the
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pure COz-brine system, Chalbaud et al. (2009) employed the Parachor model below the critical
point (high Ap), followed by two components above the critical point (low Ap). This model
accounts for the pseudo plateau IFT and the linear increase with salinity. Liu et al. (2016)
developed a robust correlation for gas mixtures (CHs+CO2), considering gas composition,
temperature, pressure, density differences, individual molecular weights, and individual Parachor
coefficients. They reported enhanced accuracy in predicting the CO2-CHs mixture IFT with brine,
surpassing commonly used correlations in the petroleum industry for hydrocarbon/water systems
(Weinaug and Katz 1943, Ramey and Firoozabadi 1988, Corbett 2000, Sutton 2009). Molecular
dynamics studies have corroborated the work from Liu et al. (2016) and provided insights into the
behavior of IFT in more complex HC-CO.-brine systems (Narayanan Nair et al. 2022, Choudhary

et al. 2021, Yang et al. 2019).

Several authors have proposed that Ap is the primary control on the behavior of the CO2-H>O/brine
IFT (Chalbaud et al. 2009, Bikkina et al. 2011, Li et al. 2012, Pereira et al. 2016). Therefore, in
Figure 34, the selected IFT dataset in Table 3 were plotted as a function of Ap. It indicates that
the CO2-H2O/brine IFT-Ap curve follows a bilinear trend, decreasing steeply from larger Ap to the
vicinity of the critical point (Ap ~ 600 kg/m®), and then mildly declining until it flattens at lower
Ap. Furthermore, an increase in brine salinity (M > 1) shifts IFT-Ap curve, resulting in a higher
pseudo plateau IFT. Conversely, an increase in temperature (T > 212 °F) shifts the IFT-Ap curve
downwardly, reducing the pseudo plateau IFT. As both formation brine salinity and temperature
generally increase with depth (Réveillére 2013), these two factors tend to offset one another.
Figure 34 suggests that subsurface CO2-H>O/brine IFTs are expected to be in the range of ~25-30

mN/m, at subsurface conditions of elevated pressure, temperature, and salinity.
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Figure 34. CO,-H,O/brine IFT as a function of the density difference at varying temperature and salinity (M). The
IFT-Ap curve follows a bilinear trend above and below the critical point (Ap ~ 600 kg/m®). Increasing salinity and
temperature shifts the curve upwardly and downwardly, respectively. Given that both formation brine salinity and
temperature typically increase with depth (Réveillére 2013), these two variables balance each other, leading to

subsurface IFTs in the range of ~25-30 mN/m.

CO»-geostorage in depleted oil and gas reservoirs involves considering additional effects such as
the co-interaction with both the crude oil and brine. Studies focused on the IFT of the CO2-oil-
water/brine ternary system, particularly concerning carbonated water injection EOR, have been
conducted (Yang et al. 2005, Bagalkot and Hamouda 2018, Lashkarbolooki et al. 2018, Nowrouzi
et al. 2019, Samara et al. 2022, Yang et al. 2022). These studies generally converge on three key
findings when CO:z is introduced to the system: (i) the crude oil-water/brine IFT decreases (ii) the

reduction becomes more pronounced with increasing pressure beyond the critical point of CO2 and
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tends to level off at higher pressures, and (iii) the IFT diminishes with increasing temperature, with

temperature having a greater effect than pressure.

The effect of oil composition has been investigated by Lashkarbolooki et al. (2018), using both
light and heavy crude oil with reservoir brine. They observed greater reduction in IFT for heavy
oil compared to the light oil at identical pressures and temperatures. Furthermore, the influence of
temperature was more pronounced in the case of heavy oil IFT than in light oil. These variations
were attributed to the diffusion of natural surfactants (e.g. asphaltenes) to the water/oil interface
as CO> selectively dissolves and diffuses within the oleic phase. Regarding the effect of brine
salinity, Nowrouzi et al. (2019) conducted experiments varying salt concentration and type. Their
general observation was that increased salinity led to higher CO2-oil-brine IFT. Moreover, the
specific nature and type of salt had distinct impacts on the time-dependent behavior and magnitude

of the IFT alteration induced by COs,.

Contact angle of CO>-fluid-rock systems

Carbon geostorage (CGS) involves capillary processes affected by the wetting behavior of fluids.
These processes influence the microscopic displacement efficiency of formation brine by scCO-
(Equation 1.2) and the capillary sealing capacity of the caprock (Equations 1.3 and 1.4). In the
context of CGS, water-wettability over scCO> is preferred. This preference restricts the upward
vertical migration of scCO2 and enhances residual trapping within the reservoir (Al-Khdheeawi et
al. 2018, Iglauer et al. 2015b, Rahman et al. 2016). Moreover, it contributes to structural trapping,
consequently reducing the risk of scCO, breakthrough within the confining zone (Espinoza and

Santamarina 2017, Stavropoulou and Laloui 2022).
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To assess wettability in a three-phase solid-fluid-fluid system, the contact angle (CA) is a widely
accepted measurement (Good and Mittal 1993). Figure 35 illustrates common techniques for
measuring CA relevant to CGS. The configurations include (a) a brine/oil droplet surrounded by a
CO2 phase (sessile-drop), (b) a CO> droplet/bubble encased by a brine/oil phase (captive-bubble),
(c) and (d) alternative setups to measure dynamic contact angles on tilted plates, and (e) and (f)
depict the advancing and receding contact angles for brine/oil droplets on horizontal substrates. It
is important to note that the terminology "advancing™ and "receding” is contingent on the
displacing phase and the configuration of the test. In sessile drop measurements, the advancing
CA corresponds to brine displacing the CO> phase (imbibition), while the receding CA pertains to
drainage (COz displacing brine). Conversely, in captive-bubble measurements, advancing signifies
drainage by CO, while receding represents imbibition by brine (Iglauer et al. 2015a, Arif et al.

2019).
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Figure 35. Common direct techniques to measure static (8) and dynamic (advancing 6a, and receding 0r) contact
angles in CO,-geostorage. (a) brine/oil droplet on an external CO- phase (sessile-drop), (b) CO droplet/bubble on an
external brine/oil phase (captive-bubble), (c) sessile-drop on a tilted plate, (d) captive-bubble on a tilted plate, ()
advancing brine/oil droplet on a horizontal plate, (f) receding oil/brine droplet on a horizontal substrate (Prem and

Imran 2018).

Recent advancements in contact angle (CA) measurements include the use of synthetic
micromodels and micro-computed tomography (u-CT) applied to rock core samples. These
methods enable direct quantification of CA at the pore scale, which is relevant to CO> storage

(Kimetal. 2012, Andrew et al. 2014, Lv et al. 2017, AlRatrout et al. 2018). Synthetic micromodels
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allow for fast and cost-effective visualization of fluid displacement and screening tests. However,
this approach falls short in capturing the surface chemistry and microstructure of rocks and is
constrained by pressure and temperature conditions (Lifton 2016, Jacobs 2019). u-CT in-situ CA
measurements on rock samples have emerged as a solution to the limitations of microfluidics,
providing pore-scale visualization of CA. Nevertheless, these measurements require the doping of
the pore fluid, which is a notable drawback (Santini et al. 2013). As an alternative to direct
wettability measurements, nuclear magnetic resonance (NMR) offers the advantage of overcoming
the limitations associated with micromodels and pu-CT. NMR provides valuable structural insights

into CO.-brine-rock surface interactions (Baban et al. 2021, Baban et al. 2022).

Numerous studies have directly quantified the equilibrated CO2-brine-rock contact angles as
functions of various system conditions, including pressure, temperature, salinity, on diverse pure
mineral and rock surfaces (Table 4) (Chiquet et al. 2007a, Yang et al. 2008, Espinoza and
Santamarina 2010, Bikkina 2011, Mills et al. 2011, Tonnet et al. 2011, Broseta et al. 2012, Jung
and Jiamin 2012, Kim et al. 2012, Farokhpoor et al. 2013, Saraji et al. 2013, Wang et al. 2013,
Andrew et al. 2014, Iglauer et al. 2014, Kaveh et al. 2014, Saraji et al. 2014, Chaudhary et al. 2015,
Iglauer et al. 2015a, Liu et al. 2015, Al-Yaseri et al. 2016, Lv et al. 2016, Roshan et al. 2016,
Shojai Kaveh et al. 2016, Al-Yaseri et al. 2017, Arif et al. 2017, Botto et al. 2017, Guiltinan et al.
2017, Lv et al. 2017, Tudek et al. 2017, Alnili et al. 2018, Pan et al. 2018a, Arif et al. 2019,
Mutailipu et al. 2019, Yekeen et al. 2020, Baban et al. 2021, Hashemi et al. 2021, Al-Yaseri et al.

2022, Baban et al. 2022, Song et al. 2022).
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Table 4. Measurement conditions for equilibrated CO»-water/brine contact angle (CA) data arranged by substrate studied.

Reference Liquid Substrate Technique ! i M oA

Method  CA type [°F] [psi] [mol/kg]l  [°]
Chiquet et al. (2007a) H.O+NaCl Quartz CB Or 95 140-1500  0.1-1  20-27
Espinoza and Santamarina (2010) H.,0O, H.O+NaCl Quartz SD Os 77 15-1450 0-34 20-42
Bikkina (2011) H20 Quartz SD Os 104 200-2900 0 39-51
Mills et al. (2011) Mixed brine Quartz CB Os 104 840-1840 0-06  27-37
Kim et al. (2012) H>,O+NaCl Quartz MM Os 113 1225 1-5 66-75
Jung and Jiamin (2012) H.0, H,O+NaCl Quartz SD Os 113 15-3630 0-5 33-68
Broseta et al. (2012) H,O+NaCl Quartz CB Oa, 6r 95 60-2200 0.1-7  35-95
Wang et al. (2013) H20, H.O+NaCl Quartz CB Os 86-122 1000-2900 0-1.2  21-27
Farokhpoor et al. (2013) H.0, H.0+NaCl Quartz SD Os 97-151  15-3630 0-0.8  10-22
Saraji et al. (2013) H.0 Quartz CB Oa, Br 95-140  500-1700 0 7-34
Iglauer et al. (2014) H.0 Quartz SD-TP Os 74-122  15-2170 0 0-82

Chaudhary et al. (2015) H,O+NaBr Quartz pu-CT Os 140 2000 3.1 26
Liu et al. (2015) H>O+NaCl Quartz SD Oa, Br 81-104 432 0.1 5-92
Al-Yaseri et al. (2016) H.0 Quartz SD-TP Oa, 6r 73-158  15-2900 0 7-49
Botto et al. (2017) Mixed brine Quartz CB Os 104 140-3630 51 22-43
Lv et al. (2016) H20, HO+KI Quartz SD, p-CT Oa, Br 104 140-3630 0-51 22-72
Mutailipu et al. (2019) H-0, H,O+NaCl Quartz SD Os 122-212  700-2180 0-2 16-38
Espinoza and Santamarina (2010) H.0O, H,O+NaCl Calcite SD Os 25 15-1450 0-34  30-42
Bikkina (2011) H.O Calcite SD Os 77 725-2900 0 38-47
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Mills et al. (2011)
Broseta et al. (2012)
Wang et al. (2013)
Farokhpoor et al. (2013)
Arifetal. (2017)
Kaveh et al. (2014)
Iglauer et al. (2015a)
Botto et al. (2017)
Tudek et al. (2017)
Alnili et al. (2018)
Mutailipu et al. (2019)
Kaveh et al. (2014)
Guiltinan et al. (2017)
Yang et al. (2008)
Tonnet et al. (2011)
Andrew et al. (2014)
Al-Yaseri et al. (2017)
Mutailipu et al. (2019)

Mixed brine
H20+NaCl
H.0
H.O, H.O+NaCl
H.O, H.O+NaCl
H.0
H,0O+NaCI+KCI
Mixed brine
H,O+KI
H-0, H,O+CaCl,
H>,O+NaCl
H-0, H,O+NaCl
H.O+NaBr
Mixed brine
H,O+NaCl
H,0+KI
H,O+CaCl
H20+NaCl

Calcite
Calcite
Calcite
Calcite
Calcite

Sandstone

Various caprock

Sandstone
Sandstone
Sandstone

Sandstone

Silica-rich shale

Barnett shale

Limestone

Calcite-rich shale

Limestone

Dolomite

Limestone

CB
CB
CB
SD
SD
CB
SD-TP
CB
CB, u-CT
SD
SD
CB
x-CT
SD
CB
u-CT
SD-TP
SD

Os
Oa, Or
Os
Os
Oa, Br
Os
Or
Os
Os
Os, Oa, Or
Os
Os
Os
Os
Br
Os
Oa, Br
Os

104
95
86-122
97
73-158
113
122
104
72
95-158
122-212
113-122
68-140
81-136
284
122
95-158
122-212

840
150-2200
1000-2900
15-2900
15-2900
80-1740
2170
2900-3630
1500
720-2900
700-2180
110-2170
2000
15-2900
120-2030
1450
15-2900
700-2180

0.6*
0.1

0-0.8
0-3.4

4.2

5.2

0.6
0-1.8

0-4.2

0.8

0.4

1.8
2

27
35-75
21-27
10-18
9-122
14-24
44-68
50-82
30-92
45-85

7-40
11-49

7-29
32-99
12-17

41
16-93

2-53

Technique: CB=captive-bubble, SD=sessile-drop, MM=micromodel, SD-TP=sessile-drop and tilting plate, u-CT=micro-computed tomography, Xx-CT=x-ray

computed tomography.

CA type: Os=static, Oa=advancing, Or=receding.
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Figure 36 presents the static and dynamic COz-water/brine-mineral contact angles as a function
of pressure, spanning temperatures ranging from above the critical point of CO2 (95 °F) up to 158
°F, and various salt molalities up to 7 M, using data compiled from Table 4. Substantial variation
in CO.-water systems' contact angles for pure minerals is observed at the same pressure. This
disparity, as documented by Iglauer et al. (2014), is primarily attributed to differences in surface
cleaning procedures. Building on this research, Al-Yaseri et al. (2022) further investigated the
issue and reported significant alterations in wetting behavior when cleaning oil-wet rocks with
toluene and water-wet rocks with acetone. These studies emphasize that air plasma is an effective
method for surface decontamination. Nevertheless, Figure 36 indicates that pure quartz and calcite
minerals are water-wet related to CO2 (6 < 90°) under low-pressure conditions. Generally, most
studies reveal increasing contact angles with rising pressure, and in the case of pure calcite, the
surface may revert to CO2-wet (60 < 90°). However, it is worth noting that Bikkina (2011) and

Mutailipu et al. (2019) reported slightly decreasing contact angles with pressure.
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Figure 36. CO,-water/brine contact angle values for quartz and calcite at the range of temperatures from 95-158 °F

and molalities up to 7 based on the literature data shown in Table 4.
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Figure 37 illustrates the influence of pressure on CO2-brine contact angles for real-rock samples
listed in Table 4, including sandstones, carbonates (limestones and dolomites), various
mineralogies of caprocks, and an organic-rich shale (Barnett). The temperature range considered
matches that of Figure 36 (95-158 °F), and only brine molalities exceeding 1M are included to
minimize clay-water interactions. Notably, the pressure-dependent increasing behavior extends to
real-rock samples, with carbonate samples showing larger contact angles than sandstones at higher
pressures, possibly indicating a reversion in wetting behavior. Caprock samples exhibit contact
angles similar to the trend observed in sandstone. The data for the organic-rich shale (Barnett) at
2000 psi shows considerably lower CA values, which could be attributed to the measurement

technique (x-CT in contrast to drop shape analysis).
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Figure 37. CO,-brine-rock contact angle values at the range of temperatures from 95-158 °F and molalities higher

than 1 for various lithologies based on the literature data shown in Table 4.

In Figure 38, the impact of salt concentration on CO2-brine(NaCl)-mineral contact angles is

depicted at similar temperatures (113-122 °F) and a pressure of 2175 psi (15 MPa). Studies
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consistently report an increase in contact angles of pure minerals with increasing salt molality,
signifying a reduction in water-wettability in the presence of salt. The mechanisms behind this
increase in contact angle are attributed to the higher ionic strength, ion adsorption on the surface,
and variations in the magnitude of zeta potential (Roshan et al. 2016, Pan et al. 2018a). However,
the influence of salinity on the CO.-brine contact angle of real-rocks remains uncertain. Shojai
Kaveh et al. (2016) reported no change in the CO> contact angle of silica/dolomite-rich shale
caprocks when a 1 M NaCl solution was used instead of pure H20. Alnili et al. (2018) observed a
slight decrease in the CO. contact angle of a Warro sandstone (90 wt.% quartz). The
inconsistencies between CO> contact angles of pure minerals and real rocks are attributed to factors
such as the mineralogy of the real rock, surface roughness, and a decrease in electrostatic repulsion
due to the reduction of pH resulting from CO> dissolution in the aqueous phase (Chiquet et al.

2007a, Yekeen et al. 2020).
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Figure 38. Effect of salt molality on the CO2-brine(NaCl)-mineral contact angle data at the range of temperatures

from 113-122 °F for quartz and calcite (Table 4).
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Despite numerous studies on CO.-water/brine-rock contact angles, the influence of temperature
on contact angle remains uncertain (Arif et al. 2019, Yekeen et al. 2020). Figure 39 presents CO»-
H>O contact angle values obtained at 2175 psi (15 MPa) as a function of temperature, drawing
from multiple studies listed in Table 4. Quartz samples exhibit increasing contact angles with
increasing temperature (Farokhpoor et al. 2013, Iglauer et al. 2014, Al-Yaseri et al. 2016,
Mutailipu et al. 2019), while calcite (Arif et al. 2017) and carbonate (Yang et al. 2008) display a
decreasing trend with temperature. Roshan et al. (2016) underscored the non-trivial nature of
temperature-dependent contact angle behavior, which is influenced by factors such as Van der
Waals potentials, ionic concentration of the solution, interfacial tension between fluids, dielectric

constant, valence of the ion, and various other considerations.
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Figure 39. Effect of temperature on the CO,-water-rock contact angle data at the pressure of 2175 psi (15 MPa) and

various lithologies (Table 4). Q=quartz, Cal=calcite, SS=sandstone, Car=carbonate.

As an application to CO,-geostorage in depleted oil and gas reservoirs, some studies have explored

the wettability of crude oil-formation brine systems in the presence of CO, (Yang et al. 2008,
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Jaeger et al. 2010, Ameri et al. 2013, Al-Mutairi et al. 2014, Seyyedi et al. 2015, Nowrouzi et al.
2019, Park et al. 2020, Yekeen et al. 2021). These studies reveal a consistent trend of decreasing
contact angles between crude oil and formation brine when CO: is introduced, promoting water-
wettability, especially in carbonate systems. Furthermore, an increase in pressure leads to an
increase in contact angles, indicating a less water-wet state. This reduction in contact angle
(increasing water-wettability) with CO. enrichment positively impacts oil displacement in
depleted oil reservoirs (Samara et al., 2022) and contributes to increasing the capillary threshold

in the caprock (Stavropoulou and Laloui 2022).

Molecular diffusion in CO2-fluid systems

Several researchers have posited that the molecular diffusion of CO2 within formation brine and
crude oil can significantly affect capillary sealing in saline aquifers and depleted reservoirs,
accelerate the dissolution kinetics of CO2 into brine, and induce geochemical reactions in
subsurface minerals (Busch et al. 2008, Henkel et al. 2014, Sanguinito et al. 2018, Goodman et al.
2019). Various technigues have been employed to measure the diffusion coefficients of CO2 in
aqueous systems. These techniques encompass bubble solution rates (Epstein and Plesset 1950,
Krieger et al. 1967, Ng and Walkley 1969, Kravanja et al. 2018b, Kravanja et al. 2018a), the
pressure decay method (YYang and Gu 2006, Azin et al. 2013, Zarghami et al. 2017), fluorescence-
based methods (Hirai et al. 1997, Sell et al. 2013), Raman spectroscopy (Lu et al. 2013, Perera et
al. 2018), and Taylor dispersion (Cadogan et al. 2014). The conditions for measuring the CO>

diffusion coefficient in aqueous solutions are summarized in Table 5.
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Table 5. Measurement conditions for CO; diffusion coefficient in water or brine solutions.

T P M Das
Author Technique Liquid
[°F] [psi] [mol/kg] [10° m?/s]
Ng and Walkley (1969) Bubble rate of solution H20 77 15 0 1.99
Hirai et al. (1997) Laser-induced fluorescence H20 77 4264-5685 0 1.25-1.45
Yang and Gu (2006) Pressure decay method Mixed brine 81-136  700-1100 * 170-270
Azin et al. (2013) Pressure decay method Mixed brine 104-113  850-1000 * 10-45
Sell et al. (2013) Fluorescence/microfluidics H>0, H,O+NaCl 77 72-720 0-5 0.56-1.86
Lu etal. (2013) Raman spectroscopy H.0 32-392  1450-6530 0 0.76-16.1
Cadogan et al. (2014) Taylor dispersion H.0 77-302 1750-7150 0 2.0-12.3

Zarghami et al. (2017) Pressure decay method H20, mixed brine 122 2540-3120 0,* 3.6-8.3

Perera et al. (2018) Raman spectroscopy H20, H20+NaCl 122 1305 0-5 1.7-3.1

* Formation brine molality not mentioned
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The impact of pressure on the diffusivity of CO- in aqueous systems is depicted in Figure 40. It is
evident that pressure has a minimal effect on CO. diffusion in water, regardless of the measurement
technique. The diffusion coefficients at 77 °F range from 1.2-2.3 x 10° m?%s. Kravanja et al.
(2018b) have demonstrated that the diffusion coefficient of H>O in CO; is nearly one order of
magnitude larger (~10® m?/s), primarily because water possesses a smaller hydrodynamic radius
than carbon dioxide. Regarding CO.-geostorage in depleted oil and gas reservoirs, analysis of five
different crude oils by Cui et al. (2023) reveals that the diffusivity of CO2 in crude oil also increases
with rising pressure due to a synergistic effect with decreasing density. Overall, their CO. diffusion

coefficients in oil fall within the range of 10° m?/s, similar to the diffusivity in water.
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Figure 40. Effect of pressure on the CO; diffusion coefficient in pure water at 77 °F. Data source: Table 5.

In relation to other parameters, both salinity (Figure 41) and temperature (Figure 42) exhibit a
linear dependence on diffusivity. Perera et al. (2018) have proposed that the diffusivity of CO2 in

H>0 can be modeled using the Stokes-Einstein relationship (Equation 5.4):
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D = kgT/(nggmua) (5.4)

where D is the diffusion coefficient, kg is the Boltzmann constant, T is the absolute temperature,
ngg 1S the Stokes-Einstein number, u is the viscosity of the solution, a is the hydrodynamic radius
of the solute. Thus, the linear decrease in diffusivity with increasing salt molality is attributed to
the linear increase in the viscosity of the aqueous solution as the salt content rises. The linear
increase in diffusivity with increasing temperature is associated with enhancement in the thermal

motion of molecules, which is the basis for diffusion.
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Figure 41. Effect of salinity on the CO- diffusion coefficient in NaCl brine at 77 and 122 °F. Data source: Table 5.
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Figure 42. Effect of temperature on the CO, diffusion coefficient in pure water. Data source: Table 5.

The computation of the effective diffusivity of CO within brine-saturated porous media takes into
account the interconnectedness of the diffusion pathway, often characterized by tortuosity, as
outlined in Equation 1.5. Experimental investigations have provided data on the effective CO>
diffusion coefficients (Defr) within brine-saturated confinement zones under various conditions
(Hildenbrand and Krooss 2003, Krooss et al. 2005, Busch et al. 2008, Fleury et al. 2009,
Wollenweber et al. 2009, Berne et al. 2010, Amann et al. 2011, Edlmann et al. 2013, Fleury et al.
2013). These experiments typically encompass a temperature range of 70-120 °F and pore

pressures of up to approximately 1500 psi.

It is noteworthy that certain studies have incorporated different levels of confinement in their
measurements, introducing complexity to the analysis. This complexity arises from the
documented decrease in the effective diffusivity of gas within fine-grained rocks as the effective
stress increases (Sun et al. 2023b). For example, Busch et al. (2008) conducted measurements at a

constant effective stress of approximately 870-1000 psi, whereas Wollenweber et al. (2009) and
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Amann et al. (2011) operated at higher constant effective confinement levels of approximately

1500 psi and 2500 psi, respectively.

Overall, the effective CO; diffusion coefficients in brine-saturated confining zones within the
specified conditions typically fall within the range of 10° to 10*? m2/s (Song and Zhang, 2013).
These values are generally one to three orders of magnitude smaller than the CO: diffusivity in
water, which is approximately 10° m2/s under the same measurement conditions (Figure 40,
Figure 41, and Figure 42). The notably slow effective diffusion of CO, within brine-saturated
confinement zones suggests that the rate of diffusive leakage is minimal (Gaus et al. 2005).
However, certain experiments have indicated that mineral dissolution resulting from geochemical
reactivity might increase the pore space of confining zones, thereby potentially enhancing the

effective diffusivity and leakage of CO> (Busch et al. 2008, Wollenweber et al. 2009).

Geochemical reactivity in CO2-brine-rock systems

The subsurface interaction between CO, and brine can instigate geochemical reactions with the
storage and confining zone, potentially influencing the microscopic displacement and trapping
mechanisms relevant to carbon geostorage (CGS). These geochemical reactions are commonly
categorized as short-term and long-term reactions (Gaus et al. 2005, Gaus 2010). In the early
stages, CO. dissolves in brine, leading to the formation of carbonic acid, which subsequently
ionizes into carbonate and bicarbonate ions, resulting in a reduction of pH to approximately 3

(Gaus et al. 2005, Rosenbauer et al. 2005, Espinoza et al. 2011):
COz (gas) + H20 = H2€03 (5.5)

H2C03 = H+ + HCO3~ (5.6)
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HCO3~ = H+ + CO3~ (5.7)

The increase in H* concentration in the brine due to CO> dissolution accelerate reaction with
carbonate minerals based on their fast reaction mechanism in acidic environments (Palandri and
Kharaka 2004). Calcite exhibits the largest dissolution rate among carbonates, being ~2—-3 and ~3—
4 orders of magnitude faster than dolomite and siderite, respectively (Pokrovsky et al. 2009,
Golubev et al. 2009, Dresel 1989). In the presence of excess H* ions, carbonate mineral reactions

take the following form:

CaCOs (calcite) + H+ = Ca2* + HCO3~ (5.8)
CaMg(C03)2 (dolomite) + 2H+ = Ca2+ + Mg2+ 4+ 2HCO3~ (5.9
FeCOs (siderite) + H+ = Fe2* + HCO3~ (5.10)

In the example of calcite dissolution, the reactant is consumed quickly, and the reaction ceases at
an equilibrium pH of 4.5-5.0 (Gaus et al. 2005, Espinoza et al. 2011). On the other hand, the
dissolution of aluminosilicates (e.g. feldspars, micas, and clays) can persist over significantly
longer periods, thereby stabilizing the pH at around 8. Reaction between felspars and carbonic acid
arising from CO- dissolution lead to the formation of secondary minerals (primarily kaolinite) and
release of cations in the brine (Tutolo et al. 2015). Conversely, the reaction between carbonic acid
and clays mainly involves ion exchange and water adsorption processes rather than direct
carbonation reactions (Espinoza and Santamarina 2012). A secondary reaction is the alteration of
feldspars in high calcium ion concentration deriving from carbonate dissolution on top of naturally

existing in the brine before CO: injection (Gunter et al. 1997, Gaus et al. 2005). An example is the
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dissolution of albite consuming Ca?* and leading to the precipitation of calcite and kaolinite (Gaus
et al. 2005):
2NaAlSis0s (albite) + CO2 + 2H20 + Ca%+ = 4Si02 (chalcedony) + CaCOs (calcite)

(5.11)
+ Al2Si205(0H)4 (kaolinite) + 2Na*

According to Equation 5.11, CO: can be sequestered in the form of calcite. Alternatively, the
secondary reaction of anorthite (Ca-rich feldspar) is quicker than albite and can sequester CO-
without requiring Ca+ ions in the brine (Gaus et al. 2005):

CaAlzSi20s (anorthite) + CO2 + 2H20 = CaCOs (calcite) + Al2Si20s5(0OH)4

(5.12)
(kaolinite)

The reaction rates of aluminosilicates are notably slower when contrasted to carbonate mineral
reactions. Furthermore, the reactivity of silicate minerals, such as quartz, is even slower and
remains independent of pH conditions (Espinoza et al. 2011, Kaszuba et al. 2013). Overall, these
reactions can take up to thousands of years to occur (Gaus et al. 2005, Espinoza et al. 2011). Pyrite,
a frequently encountered mineral in confinement zones (e.g. shales), can undergo complex reaction
pathways influenced by CO., potentially leading to oxidation processes (Vaziri Hassas and Miller
2019).

In summary, this chapter delves into the fundamental CO2-fluid-rock interactions pertinent to
carbon geostorage (CGS). Regarding phase behavior within the CO.-H2O system, the mutual
solubilities of components can result in phase densities deviating from those of pure systems,
especially in the case of the aqueous phase. Accurate density determination assumes critical
importance, influencing the assessment of capillary seal capability and the CO2-H20 interfacial

tension, which is predominantly governed by the density difference. In storage conditions
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characterized by the presence of supercritical CO2, the scCO2-H20 IFT reaches a pseudoplateau at
approximately 25-30 mN/m. This pseudoplateau IFT is anticipated to exhibit relative stability with
increasing depth (corresponding to elevated pressure, temperature, and salinity), attributable to
counteracting effects between these properties. The consistent behavior of interfacial tension aids
in the estimation of both scCO»-brine capillary pressure and seal capability. Furthermore, it has
been shown that the wettability of the scCO.-brine-rock system is influenced by mineralogy, with

carbonate minerals demonstrating reduced water-wettability in comparison to sandstones.

This chapter also addresses the impact of CO. dissolution in brine, resulting in acidification that
can initiate various geochemical reaction pathways. Such reactions have the potential to induce
alterations in mineral content and distribution within both storage and confining rock.
Mineralogical changes, in turn, can lead to modifications in both the wettability of the scCO,-
brine-rock system and pore size distribution hence transport properties. Recent studies have
revealed alterations in these properties after geochemical reactivity in both the storage zone
(Seyyedi et al. 2020, Wang et al. 2020, Kim et al. 2023) and the confining zone (Mouzakis et al.
2016, Qin et al. 2017, Pan et al. 2018b, Sanguinito et al. 2018, Goodman et al. 2019, Fatah et al.
2021, Gholami et al. 2021, Qin et al. 2022, Medina et al. 2023, Wang et al. 2023). Additionally, it
has been suggested that geochemical reactivity may affect the effective diffusion of CO, (Medina

et al. 2023, Montegrossi et al. 2023), impacting the CO- diffusive leakage in the confining zone.

In conclusion, geochemical reactions are a significant concern with regard to the long-term
integrity of CO, geostorage. Most studies have approached the geochemical effects using crushed
samples, which offer an enhanced surface area and significantly magnify the impact of reactivity.

To the best of the present work's knowledge, a quantitative workflow for comprehending the extent
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and influence of geochemical reactivity on the transport and petrophysical properties of intact rock
samples has yet to be developed. Such a study has the potential to provide valuable insights into

gauging the scope of geochemical reactions and their effects on critical properties relevant to CGS.
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Chapter 6. Experimental Methodology: CO2-Geostorage

In this study, an experimental approach was developed to quantify the impact of geochemical
reactivity induced by scCO»-brine interactions on petrophysical and transport properties relevant
to carbon geostorage (CGS) (Figure 43). To investigate the extent of geochemical reactions and
their implications for CGS, confining zone samples with varying petrophysical properties and two
different orientations (i.e., horizontal and vertical) were selected. Following sample preparation,
characterization of petrophysical and transport properties were performed. After pre-
characterization, the samples were subjected to scCO; treatment. Following scCO> treatment, the

same characterization was conducted to assess the extent of geochemical reactions and their

implications for controlling properties relevant to CGS.

Confining Zone Samples

Figure 43. Experimental setup illustrating the quantification of geochemical reactivity's impact on petrophysical and

transport properties in the context of carbon geostorage (CGS). Confining zone samples with varying petrophysical

Special Characterization
Geochemical reactivity: SEM/EDS, XRF
Pore size: MICP, NMR, N, adsorption
Wettability: Captive-bubble method
Diffusion: H,0-D,0 NMR T,
Displacement: ScCO, injection

1 )

ScCO, Treatment
Condition: Humified or enriched -brine
Brine: 2.5 wt.% KCI
Pressure: 3000 psi
Temperature: 150°F
Time: up to 3 weeks
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characteristics and orientations (horizontal and vertical) were selected for analysis. Characterization before and after
scCO; treatment enables the assessment of geochemical reaction extents and their implications for properties

governing CGS.

Samples description

For this study, five confining zone samples and one sandstone storage zone sample were selected
(Table 6). Horizontal and vertical plugs, each approximately 1-inch in diameter and length, were
extracted in their "as-received" condition. Subsequently, the plugs underwent cleaning via Soxhlet
extraction, utilizing an 80/20 toluene/methanol solution to extract hydrocarbons, water, and salt.
Afterward, they were dried at 212 °F until a constant weight was achieved. The assessment of
petrophysical properties followed the protocol described in Chapter 3: mineralogy was
determined using FTIR (detailed mineral content can be found in Appendix B), total organic
carbon (TOC) content was measured using the LECO® method, and porosity were determined

through combination of NMR T2 and helium pycnometry measurements.

Table 6. Mineralogy, total organic carbon (TOC), and porosity, of the samples used in this study.

Total Total )
) Quartz | Feldspars Others TOC Porosity
Sample | Formation clays | carbonates

(wt.%) (Wt.%) (wt.%) (Wt.%) (%)

(Wt.%) (Wt.%)
Sl Navajo 79 1 14 6 0 - 9.3
S2 Meramec 42 12 27 19 0 - 7.1
S3 Uinta 7 5 27 58 3 2.0 5.9
S4 Utica 7 12 74 6 1 0.7 8.1
S5 Woodford 67 9 16 6 2 8.7 8.3
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Eagle
S6 6 7 8 71 8 4.7 4.5
Ford

To prepare the samples for measurements, four adjacent thin disks with a length of ¥ inch were
extracted from each plug. To minimize heterogeneity within the same plug, multiple X-ray
fluorescence (XRF) measurements were performed on the surface of each disk, confirming low
elemental variation. To reduce surface roughness, the measurement surface of each disk underwent
fine polishing, progressing to 2400 grit sandpaper, followed by ion-milling (Fischione 1060 SEM,
Export, USA). Subsequently, the ion-milled surface of each sample was characterized with SEM
coupled with energy dispersive X-ray spectroscopy (EDS). Imaging procedure to evaluate sample

surface geochemical reactivity is detailed in Curtis et al. (2023).

Subsequent to the pre-characterization phase, the samples were divided into two groups, and these
groups were replicated following the scCO: treatment. The first group aimed to examine
alterations in wettability and pore size distribution in horizontal samples within the scCO2-brine-
rock system, and it involved the selection of samples S1 to S3 (Table 6). The second experimental
group was focused on evaluating changes in transport properties, performing molecular diffusion
measurements and scCO> breakthrough tests in both horizontal and vertical samples (S4 through
S6). After the initial round of experiments, the samples underwent scCO. treatment. Subsequently,
identical measurements were conducted on each sample post-treatment to assess alterations

resulting from scCO»-brine-rock interactions.

ScCO, treatment
To establish the experimental conditions for the scCO- treatment, a target injection depth of 2000

meters was selected. Assuming a hydrostatic pressure gradient for brine of approximately 1.05

104



MPa per 100 meters and a temperature gradient of around 24 °C per kilometer, conditions of
approximately 20.7 MPa and 65 °C (150 °F) were determined at the injection depth. An exposure
time of 21 days was selected, as it has been deemed sufficient to observe short-term geochemical
reactions within confining zones, such as carbonate dissolution/precipitation (Mouzakis et al.
2016, Miller et al. 2016, Sanguinito et al. 2018, Goodman et al. 2019, Wang et al. 2023) and
possible clay interactions (Qin et al. 2017, Sanguinito et al. 2018). It is noteworthy that due to the
rates of mineral reactions, quartz dissolution (Gholami et al. 2021) or secondary feldspar alteration
(Gaus et al. 2005) are not anticipated to be observed during this time frame, as these reactions may

require up to 6 to 19 months to occur, respectively.

Following the establishment of exposure conditions, individual pressure reactors (Parr Instrument,
Moline, USA) were selected, capable of withstanding pressures and temperatures up to 58 MPa
and 350 °C, respectively. Thorough cleaning of the reactors between each test was performed using
toluene, isopropanol, and acetone to prevent cross-contamination. For the samples’ treatment,
scCO2 was humified and introduced gradually into each pressure reactor using a piston pump
(Teledyne ISCO, Lincoln, USA) at a slow pressure gradient of approximately 0.4 MPa per hour to
prevent micro fracturing of the samples. Pressure and temperature were continuously monitored
throughout the process. After exposure, the system was gradually cooled and depressurized at the

same rate as injection, and the samples were subsequently utilized in further measurements.

To evaluate the influence of the brine-to-rock volume ratio on the extent of geochemical reactivity,
samples in each group underwent different brine-to-rock volume ratio conditions. In the first
group, the samples were submerged in a 2.5 wt.% KCI solution, with a brine-to-rock volume ratio

of approximately 10:1. Meanwhile, the second group of samples was subjected to pressure
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saturation in the KCI brine up to 5000 psi in a separate system, carefully transferred to each specific
pressure reactor, and exposed to the humified-scCO; treatment without immersion in excess brine.
These two treatment conditions are referred to in this study as scCO-enriched brine and humified-

scCOo, respectively.

Pore size distribution measurement

Porosity and pore size distribution measurements were carried out both before and after the scCO>
treatment on the samples from group 1. Pore throat size distributions (PTSD) were determined
using MICP measurements on cleaned and dried thin disk samples, utilizing the AutoPore 1V
system (Micromeritics, Norcross, USA). This porosimeter is capable of handling pressures up to
60,000 psi, enabling the assessment of nanopore throat radii up to 1.5 nm. Pore size measurements
via NMR T2 were assessed using the GeoSpec Il system (Oxford Instruments, Abingdon, United
Kingdom) on thin disk samples pressure saturated in brine. To enhance the signal-to-noise ratio
(SNR), three disks were stacked in each NMR measurement. An echo spacing of 200 us was
selected for sample 1 (storage zone), while a 100 ps echo spacing was used for samples 2 and 3
(confining zones). Additionally, isothermal nitrogen (N.) adsorption measurements were
conducted on the confining zones (samples 2 and 3) to evaluate alterations in nanopore structure.
In preparation for the N2 adsorption measurements, each sample was crushed and sieved to
micrometer sizes ranging from 250 to 425 um. The N2 adsorption pore size distributions were
determined through density functional theory (DFT) using a slit-shaped model. Specific surface
areas were calculated using the Brunauer—-Emmett—Teller (BET) method by fitting the adsorption

data within the low relative pressure range (0.05-0.35).

106



Contact angle measurement

As discussed in Chapter 5, various configurations have been employed for the measurement of
contact angles in subsurface conditions within scCO2-brine-rock systems (Prem and Imran 2018).
The captive-bubble technique was specifically chosen (Figure 44) to maintain sample brine
saturation during measurements and prevent potential desiccation when surrounded by an scCO-

environment.

The contact angle measurements were carried out using a DSA100 drop shape analyzer (Kriss
GmbH, Hamburg, Germany) combined with a high-pressure, high-temperature (HPHT) unit
(Eurotechnica, Bargteheide, Germany), featuring maximum working pressures and cell
temperatures of 69 MPa and 200 °C, respectively. Prior to the measurement, each brine-saturated
sample from group 1 was securely mounted on a custom-made, chemically inert holder made of
PEEK material. This holder allowed the sample to pass through a needle with a known outside
diameter of approximately 1.587 mm, ensuring proper alignment with the sample's center. This
alignment step facilitated the contact of the scCO, bubble with the ion-milled surface of the
sample, minimizing the influence of surface roughness on the contact angle (8) and reducing lateral

heterogeneity.

Subsequently, approximately 30 mL of brine was introduced into the system to cover the top
surface of the sample. The unit was gradually heated to target temperature (150 °F). ScCO. was
injected from the top (gas-cap), enabling diffusion into the brine while maintaining a constant
pressure of 20.7 MPa, which was also continuously monitored. Following a period of fluid
equilibration (approximately 2 hours), a single scCO- bubble was gently extruded from the needle

using a separate dosing unit. Image calibration was performed, and the software (ADVANCE,
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version 1.10.0) recorded the static sScCO.-brine-rock contact angle over time. The same procedure

was repeated on the group 1 samples after scCO> treatment.

\

ScCO,
L 4 22 4

AN
ScCO,
1cm

Figure 44. ScCOz-brine-rock captive-bubble measurement system, with approximate dimensions in centimeters. The
brine surrounding the rock sample is enriched with scCO; diffusing downward from the “gas-cap™ region,
maintained at specified pressure and temperature conditions. Upon reaching equilibration, a single scCO; bubble is
gently extruded from the needle at the bottom, making contact with the central region of the ion-milled lower
surface of the sample.

Molecular diffusion measurement

The horizontal and vertical thin disk samples in group 2 underwent molecular diffusion and scCO-
breakthrough tests both before and after scCO: treatment. To evaluate effective diffusivity along
a specific sample orientation (either horizontal or vertical), a thin layer of chemically resistant
epoxy resin (J-B Weld™) was applied to the lateral sides of the samples prior to the diffusion

measurements. This epoxy layer restricted radial diffusion, maintaining the concentration gradient

along the main axis of each thin disk sample.

Following the epoxy application, the samples were gradually pressurized to 5000 psi in synthetic
brine to enhance brine saturation. After achieving brine saturation, effective molecular diffusion
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on the samples was assessed using an NMR T2 H20-D20 diffusion protocol, as described in
previous work (Odiachi et al. 2022). For this diffusion assessment, a D20 brine solution with the
same salinity (2.5 wt.% KCI) was selected as the diffusing substance due to its invisibility under
H* NMR. Consequently, this methodology facilitates the determination of the effective diffusion
coefficient of D,O within the porous medium. This determination is made by monitoring the
reduction in NMR volume over time as the surrounding D20 brine diffuses through the sample,

concurrently mixing with the H2O brine previously saturating the sample.

In this study, the signal-to-noise ratio (SNR) of the thin disk samples was improved by utilizing
three samples in each NMR T, measurement (TE = 100 ps). These three samples were placed in a
glass vial without contacting each other, submerged in approximately 40 mL of D,O solution, and
continuous NMR T. measurements were conducted over time. Given the sample conditions (i.e.,
epoxy-coated sides), the non-steady-state diffusion of DO through the porous medium is
simplified into a 1D axial diffusion problem, and the mathematical solution for the effective DO
diffusion coefficient is detailed in Appendix C. The tortuosity of the samples was further
determined using both Equation 1.5 and the diffusion coefficients of D,O-H,O mixtures at
laboratory temperature (Baur et al. 1959, Odiachi et al. 2022). The identical NMR T2 H20-D.0O
diffusion protocol was applied to the samples after scCO> treatment to assess possible changes

arising from scCO3-brine-rock interactions.

ScCO; breakthrough test
Investigating gas breakthrough within brine-saturated nanoporous media, as observed in confining

zones within carbon geostorage (CGS), can be a time-intensive process (Fleury and Brosse 2018).
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The precise determination of breakthrough pressure (Pst) in such media is typically accomplished

using a pressure stepwise technique (Stavropoulou and Laloui 2022).

Figure 45 illustrates a schematic representation of the experimental setup, designed to emulate
scCO.-brine displacement within brine-saturated confining zones under subsurface conditions.
The system comprises three pumps, designated for upstream gas, upstream brine, and confining
pressure, all connected to a vertical core holder. The outlet of the core holder is connected to a
back pressure regulator, which serves to maintain a constant pore pressure throughout the test. The
outlet of the core holder is also connected to a brine-filled pipette at atmospheric pressure, allowing
for the visual observation of gas breakthrough. The entire test procedure is documented through

the use of a camera.

Back pressure regulator

> > > O .
Prngx = 5000psi | é Pipette
Tmax = 300°F (Patm)
t _ . Camera
Core
s = Holder b
smnnlsy 1EENL Jis3
Upstream Gas Upstream Brine Confinement N—

Figure 45. Schematic drawing for the scCO, breakthrough system.

Before each test, the pore pressure lines undergo a thorough flush with deionized water, followed
by nitrogen (N2) to minimize any residual salt presence within the system. Subsequently, brine

(2.5 wt.% KClI) is displaced through an accumulator up to the core holder's inlet. In a separate
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system, a thin disk sample is slowly pressure-saturated in brine at 5000 psi, ensuring maximal
brine saturation before the commencement of the test. Following this, the sample is affixed within
a rubber jacket and positioned inside the core holder. A net confinement pressure of 600 psi is

applied to enable the sealing of the jacket around the sample.

Brine is then introduced into the saturated sample at a controlled rate (0.01 mL/hr), and the increase
in pipette volume is carefully monitored. The core holder is heated to reach the target temperature
of 150 °F. The back pressure regulator is regulated to downstream pressure of 1400 psi, a level
exceeding the critical pressure of CO». Subsequently, scCOz is introduced upstream at a slightly
higher pressure than downstream, displacing brine in the upstream lines. Following this, the
injection of scCO2 occurs incrementally, with each pressure increment set at 100 psi, while
maintaining a net confinement pressure of 600 psi. The system's pressure and pump volumes are

continuously monitored throughout the process.

The gradual dissolution and diffusion of CO: into the brine saturating the rock sample lead to a
progressive reduction in pump volume over time. Once the injection pump volume stabilizes, the
next pressure increment is initiated. It is important to note that this entire process is laborious, and
a single test on a shale core plug may span from weeks to months to reach completion. Both before
and after the scCO. treatment, scCO. breakthrough tests were conducted on the thin disk samples
within group 2. These tests were carried out to gain insights into potential changes in scCO>
breakthrough pressures resulting from the geochemical reactivity induced by scCO2-brine-rock

interactions.
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Chapter 7. Results: CO2-Geostorage

Geochemical reactivity

Figure 46 presents backscattered electron (BSE) images of the group 1 samples (S1 to S3),
captured over identical areas both before and after scCO2-enriched brine treatment (3000 psi,
150 °F, 3 weeks). In Figure 46(a) to Figure 46(c), the microstructures before treatment are
depicted for samples S1, S2, and S3, respectively. Subsequent images (Figure 46(a) to Figure
46(f)) portray the same areas for each sample after the treatment. Prior to treatment, sample S1 is
primarily composed of quartz grains, with some clays (including illite, chlorite, and kaolinite)
filling the pore spaces. Sample S2 is characterized by the presence of silicates, aluminosilicates,
and minor amounts of carbonates. Meanwhile, S3 exhibits a dominant carbonate-rich composition,

encompassing clays, limited silicates, and pyrite (depicted in white).

Following the treatment, no significant geochemical reactivity is discernible in sample S1, with
the exception of salt precipitation. In contrast, sample S2 exhibits preferential dissolution of
carbonate minerals (highlighted in red), while the primary silicate and aluminosilicate framework
remains largely intact. Given the elevated carbonate content in sample S3 (Table 6), substantial
surface alteration is evident due to the dissolution of carbonates post-treatment. Notably, other

potentially reactive minerals, such as clays and pyrite, remain unaltered throughout this process.

Figure 47 presents BSE images of a highly reactive region within sample S3, both before (Figure
47(a)) and after (Figure 47(a)) scCO.-treatment. In Figure 47(c), spatial elemental mapping
conducted prior to treatment using energy-dispersive x-ray spectroscopy (EDS) reveals a
predominance of calcite with minor traces of silicate and dolomite. After treatment, Figure 47(d)

shows that the only carbonate undergone dissolution is calcite, while dolomite remains unaffected.
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Figure 46. Backscattered images (BSEs) of group 1 samples captured at the same areas both before and after scCO,-

enriched brine treatment (3000 psi, 150 °F, 3 weeks). (a—c) represent areas before treatment for samples S1, S2, and
S3, respectively. Their same areas after treatment are sequentially shown in (d—f). Sample S1 exhibits minimal
evidence of geochemical reactivity, except for the presence of salt precipitation. In contrast, the images of sample S2
reveal a notable preferential dissolution of carbonate minerals, emphasized in red, while the overall silicate and
aluminosilicate framework remains intact. The images of sample S3 display significant surface alteration resulting
from the dissolution of carbonates, which aligns with the sample's higher initial carbonate content. Interestingly,

other potentially reactive minerals, such as clays and pyrite, appear to remain unaltered during the process.
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Figure 47. BSE images captured before (a) and after (b) treatment, depicting the same region of sample S3 and
highlighting significant alteration resulting from carbonate dissolution. Please note that in (b), a slight displacement
of the image relative to (a) has occurred, but the arrows indicate corresponding calcite grains. In (c), spatial
elemental mapping conducted with energy-dispersive x-ray spectroscopy (EDS) prior to treatment reveals the
predominant presence of calcite with minor amounts of dolomite. In (d), following treatment, it is evident that only

calcite has undergone dissolution, while dolomite remains unchanged.
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Figure 48 presents the relative oxide concentration data obtained from x-ray fluorescence (XRF)
measurements on group 2 samples, both before and after scCO; treatment extending up to 3 weeks.
Multiple XRF measurements were conducted on the top surface of each thin disk sample. The
columns in the figure represent the average relative concentrations, while the error bars denote the
standard deviation. Specifically, Figure 48(a), Figure 48(b), and Figure 48(c), illustrate the XRF

results for group 2 samples S4, S5, and S6, respectively.

Before treatment, the XRF analysis aligns with the FTIR mineralogy data provided in Table 6: S4
is rich in aluminosilicates, S5 is predominantly composed of silicates, and S6 contains a notable
amount of carbonates. Post-treatment, the XRF results indicate minimal alteration in the surface
composition of samples S4 and S5, which consist mainly of silicates and aluminosilicates.
However, for sample S6, a substantial decrease in the relative concentration of CaO is observed,
reducing from 42 wt.% prior to treatment to 22 wt.% and further to 15 wt.% after a total treatment
time of 1 and 3 weeks, respectively. This reduction in CaO content is accompanied by a relative

increase in other prevalent oxides, such as SiOa.
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Figure 48. XRF analysis of oxide concentrations for group 2 samples before and after scCO- treatment. The results
for samples S4, S5, and S6, are depicted in (a), (b), and (c), respectively. S4 and S5 are primarily composed of

aluminosilicates and silicates, respectively. S5 has significant carbonate content. After treatment, minimal changes
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in the surface composition of samples S4 and S5 are seen. However, sample S6 exhibits a significant reduction in

the relative concentration of CaO, along with slight relative increase in SiO».

To estimate the extent of geochemical reactivity within depth, an additional shale horizontal
sample (Table 2) underwent a 7-day treatment under identical conditions as the group 2 samples.
Following treatment, the sample's surface underwent a series of XRF measurements,
complemented by fine polishing using 2400 grit sandpaper. Throughout the polishing process,

changes in relative depth were meticulously recorded with a digital caliper (resolution 10 pum).

Figure 49 provides a comprehensive view of the relative surface concentration of major oxides as
a function of depth from the initial surface. The dashed lines represent the average relative
concentration of each oxide prior to treatment. After treatment, a reduction in the relative
concentration of CaO is seen, coupled with a slight increase in SiO2, consistent with the

observations in Figure 48.

Remarkably, after a series of polishing-XRF steps, the average surface concentrations converge
toward the elemental composition present before treatment, occurring at an approximate depth of
~150 um. Using the reacted distance of penetration (x) and the square root relationship with time
and diffusion coefficient for a one-dimensional diffusion of a substance into a semi-infinite

medium having constant surface concentration (Crank 1979):

x? (150um)?
~2vDt = D~ e~
x 7 P4 T 4(7 X 24 % 60 x 605)

2
m

~9.3 x 10715(—) 1)
S

2
An estimated scCO: reaction-diffusion coefficient in the order of ~10‘15(mT) is obtained.

Considering the bulk scCO2-H-0O diffusion coefficient at 150 °F of ~ 10‘9(%2), the estimated
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reaction-diffusion coefficient is about five to six orders of magnitude smaller than the bulk

diffusion coefficient of scCO> in H20.
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Figure 49. Estimation of reacted depth after scCO; treatment (7 days) through multiple surface XRF measurements
and fine polishing (2400 grit sandpaper) steps. An additional horizontal shale sample rich in carbonates (Eagle Ford)
was selected. The dashed lines represent the surface concentration of each oxide before treatment. After treatment,
the surface concentration of CaO reduces as observed in Figure 48. Following a series of XRF measurements
coupled with fine-polishing, the surface concentrations converge to the original elemental composition at around

150 um deep from the original surface.
The combined results from XRF analysis in Figure 48 and Figure 49, as well as SEM and EDS
findings in Figure 46 and Figure 47, collectively indicate that the observed geochemical reactivity
in these samples predominantly manifests at the surface. The results also indicate preferential

dissolution of calcite, while other species remain unaltered.
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ScCO.-brine-rock wettability

Figure 50 provides an overview of contact angle measurements for the scCOz-brine-rock system
conducted on group 1 samples, both before and after scCO. treatment. Before treatment, samples
S1, S2, and S3 exhibit contact angles of 42 + 1°, 37 £ 1°, and 35 + 2°, respectively. These values
align with those found in the literature for similar experimental conditions involving sandstones,
caprock, and source rocks (Figure 37). Notably, these rocks maintain their water-wettability even
at higher pressures of approximately up to 20 MPa. Post-scCO, treatment, minimal changes in
contact angles are evident, despite the significant surface reactivity observed in sample S3 (Figure
47). Additionally, trapping of surface bubbles can also be noted on sample S3, which develops
during the fluid-equilibration phase, suggesting potential geochemical reactions occurring at the

surface as the brine becomes saturated with scCO».
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Figure 50. A summary of contact angle measurements in the scCO,-brine-rock captive-bubble system, conducted on
group 1 samples before and after scCO; treatment. The equilibrated contact angles remain unchanged,
demonstrating the samples' consistent water-wettability, even under elevated pressure (~20 MPa) and temperature

(150 °F) conditions, and after undergoing geochemical reactivity.

Pore size distribution

The thin disk samples from group 1 underwent a detailed analysis of pore size distribution in the
bulk rocks using three techniques, mercury injection capillary pressure (MICP), nuclear magnetic
resonance (NMR), and N2 adsorption, both before and after scCO> treatment. Figure 51 illustrates
the incremental and cumulative pore throat size distributions (PTSDs) obtained from MICP
analysis. Figure 51(a), Figure 51(b), and Figure 51(c), depict the incremental curves for samples
S1, S2, and S3, respectively, while their cumulative curves are sequentially presented in Figure
51(d), Figure 51(e), and Figure 51(f). For the storage zone sample, S1, the PTSD indicates initial
intrusion within the 2-10 um pore throat size range, followed by a dominant peak between 200
and 600 nm. In contrast, the confining zone samples, S2 and S3, exhibit considerably lower pore
throat range, with a main peak at approximately 6-10 nm and 2-4 nm, respectively. After scCO-
treatment, minimal changes are observed in the PTSD of samples S1 and S2. Sample S3 shows
minor alterations, with a slight increase in amplitude in the pore range of 100-1000 nm, followed

by a reduction in the main peak at 1-10 nm.
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Figure 51. Pore throat size distributions (PTSDs) obtained with MICP on group 1 samples before and after scCO;

treatment. The incremental curves for samples S1, S2, and S3 are shown in (a—c), respectively. Their cumulative

curves are sequentially represented in (d—f). Overall, minimal changes are observed in the PTSD of the samples,
except for a slight increase in amplitude within the 1200-1000 nm range for sample S3, followed by a decrease in the

1-10 nm range.

Figure 52 presents the NMR T» data for group 1 samples before and after scCO- treatment. Figure
52(a), Figure 52(b), and Figure 52(c), represent the incremental curves for samples S1, S2, and
S3, while their cumulative curves are sequentially displayed in Figure 52(d), Figure 52(e), and
Figure 52(f). Before treatment, the storage zone sample, S1, displays a primary peak at around
100 ms T» relaxation, while the main peaks for confining samples S2 and S3 occur at shorter T»
times of approximately 1.1 ms and 0.8 ms, respectively. In the confining zone samples, the second
small peak above 100 ms is observed and most likely represents brine trapped in surface

irregularities. Overall, the pore size distributions inferred through NMR exhibit no significant
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changes in the three samples after treatment, with sample S3 displaying a small inflection in the

spectrum after treatment around 1-20 ms, which does not substantially affect cumulative porosity

within this range.
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Figure 52. NMR T data on group 1 samples before and after scCO; treatment. The incremental curves for samples

S1, S2, and S3 are shown in (a—c), respectively. Their cumulative curves are sequentially represented in (d—f).

Overall, the NMR T data for the samples exhibit negligible changes, with the exception of a minor inflection

observed around 1-20 ms for sample S3, which does not significantly impact its cumulative porosity.

Figure 53 displays N2 adsorption and desorption isotherms for confining zone samples S2 and S3,

both before (Figure 53(a)) and after (Figure 53(b)) scCO- treatment. These isotherms, along with

hysteresis loop analysis, provide insights into pore structure and connectivity in tight porous media

(Wang et al. 2017, Tian et al. 2020, Fuhua et al. 2023). Before treatment, both samples exhibit

type 1V isotherm characteristics with a distinct hysteresis loop, indicating capillary condensation

in meso/macro-pores (Thommes et al. 2015). There is no limiting uptake at high relative pressures
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(p/p®), signifying an H3 hysteresis loop with slit-shaped pores forming plate-like structures (Sing
1985). A wider hysteresis loop for sample S3 suggests a more complex pore network. Following
treatment, minimal changes in adsorption behavior are observed. Pore size distribution (PSD)
analysis using density functional theory (DFT) reveals main peaks in the mesopore region (20—40
nm) for S2 and broader distribution for S3, with a more substantial fine-mesopore volume (2-20
nm) than S2. After treatment, no significant alterations in PSD or BET surface areas are observed.
Sample S3 shows a slight decrease in mesopore volume, followed by a minor increase in the fine-
mesopore range, resulting in a slight decrease in surface area. However, these differences are

relatively small and do not significantly impact cumulative pore volumes in the nanopore range.
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Figure 53. Isothermal N, adsorption results for the confining zone samples S2 and S3 before and after scCO»
treatment. Before treatment, isotherms in (a) exhibit type IV characteristics with significant hysteresis loops, and S3
displays higher adsorption. After treatment, as seen in (b), isotherms maintain their shapes, indicating minimal

changes in adsorption behavior. Incremental pore volume curves for S2, presented in (c), show a primary mesopore
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peak (20-40 nm) that remains consistent post-treatment. In (d), the incremental pore volume curves for S3 reveal a
broader distribution with more fine mesopores (2—20 nm) compared to S2, and slight pore size distribution changes
post-treatment. Notably, (e) illustrates that the increased fine mesopores in S3 result in a larger BET surface area,

with minor alterations after treatment.

Molecular diffusion

Figure 54 presents the NMR T. H20-D20 diffusion measurement results for sample S4
(horizontal) prior to scCO- treatment. In Figure 54(a), the NMR T» incremental and cumulative
volumes during D.O imbibition in the brine-saturated sample are shown as a function of time.
Before D,O imbibition, the NMR spectrum exhibits a single peak at around 0.8 ms, indicating
rapid relaxation associated with small pore sizes. As time progresses during DO imbibition
(invisible to H+ NMR), the T> spectra decrease. After approximately 810 minutes, DO diffusion
ceases, leaving just under 0.2 mL of unexchanged H-O brine in the sample. A shift in T, peak

towards faster relaxation after D>O imbibition indicate diffusion limitation in smaller pore sizes.

In Figure 54(b), the ratio of measured D20 volume that has diffused into the sample to the initial
sample H>O volume is plotted against the square root of time. Vertical error bars are related to the
NMR volume error (Mamoudou 2020), while horizontal error bars account for the error in the
NMR acquisition time. In the early-time region, the measured D.O volume fraction entering the
medium follows a linear relationship with the square root of time, flattening at longer times, and

reaching a maximum imbibed volume fraction of approximately 0.8.

Figure 54(b) also presents the imbibed D>O volume normalized by the volume fraction at the end
of diffusion, a necessary step for fitting the non-steady state 1D diffusion (Equation C.4). This

normalization allows for the derivation of the effective D2O diffusion coefficient in the porous
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medium (3.6 x 101 m?/s), as shown in Figure 54(c). The diffusion fitting criteria in shale align

with previous work (Odiachi et al. 2022). Using the calculated effective DO diffusion coefficient,

along with the bulk D,O-H.0O diffusion coefficient value (2.2 x 10° m?/s at 25 °C) (Baur et al.

1959) and Equation 1.5, a tortuosity value for horizontal sample S4 is determined to be 6.1.
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Figure 54. NMR T, H,0-D,0 diffusion measurement for horizontal sample S4 before scCO; treatment. (a) NMR T

incremental and cumulative volumes during DO imbibition are plotted as function of relaxation time, with an initial

peak around 0.8 ms indicating rapid relaxation due to small pores. As time progresses, DO diffusion ceases after

about 810 minutes. A shift in T, peak toward faster relaxation indicate limited D,O diffusion in smaller pore sizes.

(b) ratio of measured D0 volume that diffused into the sample to the initial sample H2O volume, and imbibed DO

volume normalized by the volume fraction at the end of diffusion, are plotted against the square root of time.

Vertical error bars account for NMR volume errors, and horizontal error bars represent NMR acquisition time errors.

In the early-time region, the D,O volume fraction follows a linear relationship with the square root of time, reaching
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a maximum imbibed volume fraction of about 0.8. (c) the normalized imbibed D,O volume is used to derive the
effective D,O diffusion coefficient (3.6 x 10°1°m?/s) in the porous medium. Using this coefficient, along with the bulk
D,0-H,0 diffusion coefficient (2.2 x 10°m?/s at 25 °C) and Equation 1.5, a tortuosity value of 6.1 is determined

for horizontal sample S4.

Figure 55 provides an overview of NMR T H20-D>0 diffusion outcomes for group 2 samples,
considering both horizontal and vertical orientations, before scCO, treatment. The normalized D.O
volumes as a function of the square root of time for samples S4, S5, and S6 are displayed in Figure
55(a), Figure 55(b), and Figure 55(c), respectively. Notably, S4 and S6 exhibit faster horizontal
diffusion compared to the vertical orientation, with sample S6, originating from an outcrop,

showing less orientation-dependent variation.

In Figure 55(d), effective diffusion coefficients (Desf) for D20 in both orientations are presented.
These results reveal that Des can be up to three times larger in the horizontal orientation compared
to the vertical orientation. Additionally, Dets along the vertical orientation are similar amongst the
samples. Figure 55(e) illustrates calculated tortuosities using bulk D20O-H0 diffusion coefficients
and Equation 1.5. Here, it is evident that tortuosities in the vertical orientation can be up to four

times larger than those in the horizontal orientation.

To explore the influence of anisotropy on the diffusive characteristics of the confining zones, the
compressional wave velocities of both horizontal and vertical samples were assessed, as depicted
in Figure 56(a). These P-wave velocities were measured in the "as-received state™ and under low
confining pressure (250 psi). Notably, the results reveal that samples S4 and S6 exhibit higher P-
wave velocities in the horizontal direction compared to the vertical orientation. In contrast, sample

S5 displays relatively less anisotropy, aligning with the findings in Figure 55. Figure 56(b) shows
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the ratio between horizontal and vertical P-wave velocities against the measured ratio of effective
diffusion coefficients presented in Figure 55(d). These results elucidate a correlation between P-
wave anisotropy and anisotropy in diffusive properties in the confining zones. Additionally, the
largest anisotropy in diffusivity and P-wave velocity observed in sample S4 correlates with an

increasing clay content (illite > 50 wt.%) (Table 7).
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Figure 55. NMR T, H,0-D-0 diffusion data for group 2 samples, considering both horizontal and vertical
orientations, pre-scCO; treatment. Normalized DO volumes as a function of the square root of time for samples S4,
S5, and S6 are shown in (a), (b), and (c), respectively. S4 and S6 exhibit notably faster horizontal diffusion, with S6

demonstrating less orientation-dependent variation due to its outcrop origin. In (d), effective diffusion coefficients

(Defr) are compared between both orientations, revealing up to threefold differences. Vertical Desr values are
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consistent across samples. (e) Depicts tortuosity calculations based on bulk diffusion coefficients, indicating up to

fourfold greater values for the vertical orientation.
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Figure 56. Impact of anisotropy on confining zone diffusion characteristics. In (a), compressional wave velocities
for horizontal and vertical samples are shown under "as-received" and low confining pressure (250 psi). Notably, S4
and S6 exhibit higher horizontal P-wave velocities, while S5 displays less anisotropy. (b) illustrates the linear
relationship between the ratio of horizontal to vertical P-wave velocities and the measured ratio of effective
diffusion coefficients from Figure 55(d).

Subsequent to initial diffusion assessment, group 2 samples underwent scCO: treatment for a
duration of 3 weeks. Figure 57 summarizes NMR T, H20-D>0 outcomes in horizontal samples
from group 2, both before and after scCO, treatment. The normalized D20 volumes as a function
of the square root of time for horizontal samples S4, S5, and S6 are presented in Figure 57(a),
Figure 57(b), and Figure 57(c), respectively. Their effective D,0O diffusion coefficients (Defr) are
depicted in Figure 57(d). S4 exhibits increased diffusivity post-treatment, while S5 maintains

consistent diffusivity. Interestingly, S6 initially displays reduced diffusivity after 1 week of

treatment, which gradually approaches its original diffusivity after 3 weeks. The calculated
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tortuosities, as shown in Figure 57(e), reflect the trends observed in the effective diffusion

coefficients of the samples.
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Figure 57. NMR T2 H20-D,0 results for horizontal group 2 samples before and after scCO; treatment. (a) to (c)
present normalized DO volumes versus the square root of time for samples S4, S5, and S6, respectively. (d)
effective D0 diffusion coefficients (Deff). () calculated tortuosities. Following treatment, S4 displays increased
diffusivity, S5 maintains consistent diffusivity, and S6 initially exhibits reduced diffusivity after 1 week, followed
by increased diffusivity after 3 weeks. Tortuosity trends align with the changes in effective diffusion coefficients.
Similarly to Figure 57, Figure 58 presents a summary of NMR T2 H20-D-0 results in vertical

samples before and after scCO> treatment. Comparable trends in diffusivity and tortuosity changes

during treatment are observed in vertical samples when compared to horizontal samples. Sample
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S4 exhibits increased diffusivity (reduced tortuosity) after treatment, while S5 retains its pre-
treatment characteristics. S6 displays reduced diffusivity after 1 week, followed by an increase

after 3 weeks, reflecting fluctuations in tortuosity (initial increase, subsequent decrease).
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Figure 58. NMR T, H20-D;0 results for vertical group 2 samples before and after scCO- treatment. (a) to (c)
present normalized DO volumes versus the square root of time for samples S4, S5, and S6, respectively. (d)
effective D,O diffusion coefficients (Desf). (€) calculated tortuosities. Comparable trends in diffusivity and tortuosity
changes during treatment are observed for vertical samples as compared to horizontal (Figure 57). S4 shows
increased diffusivity (lower tortuosity) after treatment, S5 remains consistent, and S6 experiences fluctuations in

both diffusivity and tortuosity.
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To further understand the factors influencing the trends in diffusivity during scCO; treatment,
Figure 59 presents a summary of the ratios of total D>O volumes diffused into the samples relative
to their H2O volumes before DO imbibition. These results suggest that the volume of D.O
diffusing into the samples remains relatively consistent throughout the scCO: treatment.
Additionally, the endpoints of diffusion exhibit consistency between horizontal and vertical
samples. Specifically, samples S4 and S5 experience the exchange of nearly 80% of their initial

H>0 volume with D20, while sample S6 exchanges approximately 60-70%.
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Figure 59. The ratios of total D,O volumes diffused into the samples compared to their initial H,O volumes during
scCO; treatment. These ratios suggest that the volume of D,0 diffusing into the samples remains consistent
throughout the treatment. Notably, the endpoints of diffusion exhibit uniformity between horizontal and vertical
samples. Samples S4 and S5 exchange roughly 80% of their initial H.O volume for D,0O, while sample S6
exchanges around 60-70%.
NMR T, H20-D20 diffusion results for group 2 samples, encompassing both horizontal and
vertical orientations, are given in Appendix D. Table 8 presents the measured effective D20
diffusion coefficients, tortuosities, and estimates of effective scCO. diffusion coefficients under

the subsurface conditions defined in this study (150 °F, 3000 psi, and ~1 M salinity brine). These

estimated effective scCO> diffusion coefficients can be employed to forecast the extent of CO-
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diffusion within the confining zone. An illustration of the concentration-distance profile over time
is provided in Figure 66(a) and Figure 66(b) using diffusivities for sample S4 before and after 3
weeks of scCO- treatment, respectively. Without including short-term geochemical reactivity,
scCO- does not diffuse beyond roughly 5 meters into the confining zone after 100 years. The
inclusion of short-term geochemical reactivity slightly increases the diffusion length from 5 meters

to 7 meters, indicated by the small changes in diffusivity observed.

ScCO- breakthrough test

The intricate nature of CO.-fluid-rock interactions, especially in complex rock systems such as
shales, can yield diverse results during the displacement of brine by scCOy, as previously observed
in the literature (Hildenbrand and Krooss 2003, Wollenweber et al. 2009, Edlmann et al. 2013). In
preparation for extensive scCO: breakthrough testing, initial validation experiments were
conducted in less complex systems. For these experiments, synthetically-made ceramic sample
(Cobra Technologies BV, Netherlands) with specific pore size (~50 nm pore diameter) and quartz-
rich sandstone/siltstone rocks were selected. The tests were carried out at room temperature, and
the porous materials were saturated with a straightforward 2.5 wt.% KCI solution, utilizing N as
the displacing phase. Simultaneously, the pore size distribution of these porous materials was

determined through mercury injection capillary pressure (MICP) analysis on twin samples.

Figure 60 illustrates the summary of a constant-flowrate N2-brine breakthrough test conducted on
the nanoporous ceramic sample (17 diameter, ~1/4” thickness) at room temperature. Figure 60(a)
depicts the pressures’ profiles (e.g. inlet or upstream, and outlet or downstream) and the constant
flow rate of 0.1 mL/min. Prior to N2 injection, a net confining pressure of 1000 psi was applied.

During injection, the inlet pressure builds up due to existing capillary forces in the N2-brine-pore
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interface that restrains N2 displacement of brine. The outlet pressure is maintained roughly at
~1550 psi. When the pressure difference between the inlet and outlet (Figure 60(b)) reaches a
value of ~560 psi, a gas bubble in the outlet pipette is observed, indicating N2 breakthrough.
Following breakthrough, a short two-phase flow period of N2 and brine (AP~620 psi) takes place,
which is followed by a longer N2 single-phase flow period where AP reduces gradually, and then
reduces to zero when injection ceases. Figure 60(c) depicts the outlet pipette in three different
time steps (from left to right): (i) before injection, showing a stagnant brine-air interface; (ii) at
AP~560 psi, where the bubble at the interface indicates gas breakthrough; (iii) at AP~620 psi,

where two-phase flow of N2 gas and brine is observed.
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Figure 60. Summary of the N»-brine breakthrough test on a nanoporous ceramic membrane (1~ diameter, ~1/4”
thickness) at room temperature. (a) inlet and outlet pressures during a constant flow rate injection (0.1 mL/min). A
net 1000 psi pressure was applied. When the pressure difference reached ~560 psi (b), indicating N breakthrough, a
gas bubble was observed in the outlet pipette (c). This was followed by a two-phase flow (N, and brine) and a
subsequent N flow period until injection ceased. (d) the capillary pressure (Pc) curve obtained through MICP shows

a breakthrough pressure similar to that observed (Pgt ~ 560 psi to 580 from MICP).

Figure 60(d) shows the capillary pressure (Pc) curve for the ceramic sample obtained with MICP.
The results indicate that the measured N»-brine breakthrough pressure (Pst ~ 560 psi) is similar to

the breakthrough pressure estimated using the MICP-derived pore size distribution (~580 psi) for

the nanoporous system.
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Equations 7.1 and 7.2 detail the conversion between the Pc of a Hg-air interface to N2-brine and

scCO»-brine, respectively:

72mN o
P _ YN,:H,0 X €0SON, 1,0 P ( m ) x cos(0°) P
¢, N,:H,0 — c,Hg:air =~ c,Hg:air
YH:'XCOSGH:' 485—mN o
gaair gaair ( = ) x cos(130°) (7.1)
~ 0-23Pc,Hg:air
YscC0O,:H,0 X €0SO5cco,:H,0
l)c,scCOZ:HZO = l:)c,Hg:air

YHg:air X COSeHg:air

(7.2)

(27::1\,) X cos(35°)

X lDc,Hg:air ~ 0-0'7PC,Hg:air

i (48§nmN) X cos(130°)
assuming a N>—brine y of 72 mN/m and 6 of 0° (Song and Fan 2022), scCO>—brine y of 27 mN/m
and 0 of 35° for this work experimental conditions, and Hg-air y of 485 mN/m and 6 of 130°
(laboratory conditions). Equations 7.1 and 7.2 indicate that the Nx-brine and scCO>-brine

capillary pressures (Pc) at the experimental conditions is about ~4.5 and ~14 times smaller than

laboratory Hg-air Pc, respectively.

In Figure 61(a), the Hg-air capillary pressure curves for samples S4 and S6 are presented prior to
scCO; treatment. Subsequently, Figure 61(b) transforms these capillary pressure curves into
scCO2-brine interfaces using Equation 7.2. The analysis of their inflection points indicate scCO-
displacement pressures of approximately 1200 psi for S4 and 1800 psi for S6, respectively. Figure

61(c) and Figure 61(d) display micro-CT slices of S4 and S6 following treatment, where no
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discernible microcracks are observed. However, sample S5 exhibited noticeable fractures and was

excluded from further measurements.
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Figure 61. (a) Hg-air capillary pressure curves for samples S4 and S6 before scCO; treatment. (b) conversion to

scCO»-brine interfaces, indicating displacement pressures of approximately 1200 psi for S4 and 1800 psi for S6. (c)

and (d) after treatment, micro-CT slices of S4 and S6 exhibit structural integrity with no observable microcracks.

Figure 62 provides an overview of the stepwise pressure scCO. breakthrough experiments

conducted on samples S4 and S6 at reservoir temperature (150 °F), both before and after scCO-

treatment. Figure 62(a) and Figure 62(b) present the results for S4 and S6 before treatment,

respectively. These experiments involved applying injection pressures up to 4500 psi higher than

the outlet pressures. Such differential pressures are higher than the expected displacement
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pressures for scCO2 shown in Figure 61(b). While a reduction in pump volumes was observed, no
visual indication of breakthrough was apparent during these tests. It is important to mention that
these initial experiments were conducted at larger incremental pressures (~500 psi) and for short

injection time (~2 days).

The same experiments on S4 and S6 were performed after scCO; treatment (Figure 62(c) and
Figure 62(d), respectively). Extended experimental durations of up to 10 days and small
incremental pressure (100 psi) were applied. Maximum injection pressures reached approximately
800 psi higher than the outlet pressure by the end of the tests. These tests revealed a significant
reduction in pump volumes (>4 mL), exceedingly more than 10 times the sample pore volume
(~0.4 mL). Despite the decrease in pump volumes, no visual indication of breakthrough was

observed in the post-treatment tests.
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Figure 62. Overview of stepwise pressure scCO; breakthrough experiments conducted on samples S4 and S6. The
tests were carried out at reservoir temperature (150 °F), both before and after scCO, treatment. (a) and (b) results for
S4 and S6 before treatment. Injection pressures reaching up to 4500 psi higher than the outlet pressures were applied

in these experiments. Despite observing a reduction in pump volumes, no visual indication of breakthrough was
detected during these tests. (c) and (d) same experiments on S4 and S6 after scCO, treatment, with extended
experimental durations of up to 10 days. Maximum injection pressures reached approximately 800 psi higher than
the outlet pressure. These tests revealed a significant reduction in pump volumes, exceeding 10 times the sample

pore volume. No visual indication of breakthrough was observed in the post-treatment tests.
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Chapter 8. Discussion

Relevance of sample scale, transport properties, and experimental results in nanoporous systems
As observed throughout this study, assessing the influence of scCO2-fluid-rock interactions on
fluid mobilization in nanoporous systems involves the integration of knowledge spanning pore,
core, and reservoir scales. In nanoporous frameworks such as unconventional liquid-rich shale
reservoirs (ULR) and confining zones relevant to carbon geostorage (CGS), excessive capillary
pressures are encountered, which can reach up to 10,000 psi for gas-water systems (Bustin et al.
2008). High capillary pressure scenarios significantly impede pressure-driven fluid flow, making

concentration-driven flow, i.e., diffusion, a relevant transport mechanism (Dang et al. 2023).

Diffusive flow, where substances move from regions of high concentration to low concentration,
is contingent on the diffusion coefficient (diffusivity) of the substance. The Stokes-Einstein
relationship (Equation 5.4) establishes a direct proportionality between the diffusivity of a
molecule in a dilute solution (e.g. water) with temperature, and an inverse proportionality with the
solution’s viscosity and the size of the molecule. When applied to a system, the total amount of
diffusing molecules in a given time is also affected by the system's surface area. Consequently, the
influence of diffusional transport is amplified in systems with augmented specific surface areas,

as is the case in laboratory experiments conducted with crushed-size samples.

Throughout this research, it was demonstrated that diffusive flow in nanoporous systems,
especially when coupled with enhanced surface-area crushed-sized samples, can substantially
magnify responses in laboratory measurements. As reported in Chapter 4, the 21 HnP-EOR in
ULR tests using crushed-sized samples (7-8 mm) resulted in significantly higher and faster fluid

recoveries than those expected in real-world field applications. Similarly, within the context of
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CGS, studies involving scCO; treatments in confining zones using micrometer-sized crushed
samples have reported notable geochemical alterations driven by CO2 dissolution and diffusion in
brine (Mouzakis et al. 2016, Qin et al. 2017, Pan et al. 2018b, Sanguinito et al. 2018, Goodman et
al. 2019, Fatah et al. 2021, Gholami et al. 2021, Qin et al. 2022, Medina et al. 2023, Wang et al.

2023).

In the context of this research, the findings in Chapter 7, involving relatively larger-scale samples
(inch-sized) as compared to previous scCO; treatment studies, reveal that geochemical reactivity
within nanoporous confining zones is limited to a shallow region near the sample surface,
preserving the bulk rock properties. The data presented in Figure 49 indicate that the diffusivity
of the reacted zone at a treatment temperature of 150 °F is on the order of 9 x 10> m?/s. This value
is roughly 4-5 orders of magnitude smaller than the effective scCO; diffusivities in brine-saturated
confining zones at similar conditions, as estimated in Table 8. Notably, a recent experimental
study has also demonstrated significantly lower reacted zone diffusivity as compared to effective
scCO- diffusivity in shale formations (Montegrossi et al. 2023). Moreover, an integration of the
tortuosity measurements after short-term geochemical reactivity from this study with literature-
based CO2-H0 diffusion coefficients in subsurface conditions, suggests that even after 100 years
of injection, the CO2 molecule does not penetrate beyond approximately 7 meters into any of the
studied confining zones (Figure 66(b)). It is important to note that the diffusion measurements
were conducted under unconfined state, and the effective diffusivity of CO. (hence depth of
penetration) is expected to decrease even further under subsurface conditions of effective stress

(Sun et al. 2023Db).
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Another example of the influence of available surface area on diffusive transport is highlighted in
the doping agent experiment on the Eagle Ford preserved plug sample (Figure 8). In this case, it
required up to two months for the water-soluble solution (65% MnCI>) to diffuse through the brine
in the preserved core plug at laboratory conditions of unconfined stress and room temperature.
Overall, while crushed-size samples offer faster experimentation, it is imperative to exercise

caution when directly extrapolating experimental findings to field or reservoir-scale models.

Interplay between injection pressure, miscibility, and diffusivity during HnP-EOR in ULR

The determination of the minimum miscibility pressure (MMP) between a solvent and crude oil,
whether experimentally using reservoir crude oil samples or established through compositional
simulations, is a critical design parameter in the planning of miscible gas injection for EOR. In the
MMP determination at reservoir temperature using the vanishing interfacial tension technique
(Figure 10), it was observed that scCO; exhibits a lower MMP compared to enriched or produced
field gases, requiring less pressure to form a single-phase with crude oil. Furthermore, the findings
from the static HnP-EOR tests performed on crude oil at reservoir temperature indicate that scCO-
outperforms produced field gas when injected at the same relative pressure above their respective
VIT-MMPs (Figure 13). A comprehensive analysis combining NMR and GC-MS reveals a
preferential production of lighter fractions in both tests, resulting in an increase in the heaviness
of the residual oil following each HnP cycle (Figure 16). The increase in heaviness of residual oil
has a progressive effect on the solvent-residual oil MMP (Figure 17). By injecting produced field
gas above the original solvent-crude oil MMP, it is estimated that the MMP increases by up to 800

psi after six HnP cycles on the crude oil.
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Introducing a shale rock into the system has a significant impact to HnP-EOR, as demonstrated by
systematic analysis of the residual oil fraction through two quantitative techniques: NMR
integrated with GC-MS and modified dry pyrolysis. Compositional analysis of the extracted

residual oil after scCO2 HnP-EOR (Figure 19(a)) combined with in-situ hydrocarbon assessment

after 21 HnP-EOR tests (Figure 23) indicate substantial compositional differences in the reservoir

crude oil before and after HnP-EOR. With the inclusion of the shale rock system in the scCO>
HnP-EOR test, negligible recovery of heavier fractions above Cos is observed (Figure 19). Without
the shale rock system and for the same experimental conditions (Pinj of 1000 psi above original
MMP and 150 °F), these fractions are largely produced within the 1% injection cycle (Figure

16(a)).

The integration of these findings suggests that the effect of MMP increase during HnP-EOR in
bulk oil, as illustrated in Figure 17, is even more pronounced within the shale rock system. A
linear increase in oil recovery with injection pressure extending beyond the original gas-oil MMP
is observed in the 18 tests using two hydrocarbon gases (produced and enriched field gases) on
two preserved shale samples (Figure 22). In contrast, the two immiscible helium tests conducted
at a 2000 psi pressure difference, resulting in much lower oil recovery than with hydrocarbon
gases, imply a low contribution of pressure-driven oil compressibility effects and a strong
implication of a diffusion-driven mechanism to oil recovery. The monotonic increase in water
recovery after each cycle and its lack of correlation with pressure indicate a negligible effect of
pressure displacement on water production. Water recovery is likely associated with a
concentration difference when the dry solvent gas is cyclically injected, and the diffusion of water

to the solvent phase is further enhanced by an increase in experimental temperature to 150 °F.
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Hence, the observation of linear oil recovery with injection pressure, even above the original
MMP, is potentially influenced by the combination of two effects: (i) after each cycle, the MMP
of the solvent-residual oil increases due to a significant rise in residual oil heaviness, and (ii) there
is a linear increase in the diffusion coefficient of hydrocarbon gas molecules, primarily CHa, in
crude oil with increasing pressure. The latter phenomenon is attributed to a synergistic effect
arising from the reduction in oil viscosity and density (as discussed by Jamialahmadi et al. (2006)).
It is important to note that the substantial water production observed in the 21 HnP-EOR tests does
not exhibit a similar trend with pressure, as diffusion of molecules in water systems is minimally
affected by pressure (Figure 40). Moreover, the self-diffusivity of a water molecule significantly
exceeds that of long-chain hydrocarbon molecules, which explains the differences in recovery

amounts between the two fluids during the HnP experiments.

In summary, the HnP-EOR tests conducted on preserved samples demonstrated an enhanced
performance of scCO- injection when compared to the linear trend observed with field gases. The
results further suggest a slightly superior performance of produced field gas compared to enriched
field gas. The earlier finding aligns with the shale oil reservoir HnP-EOR model, which
incorporates diffusive transport, and support the experimental observation of scCOz's efficiency
as a solvent (Figure 24). Moreover, the HnP-EOR model revealed additional oil recoveries with
injection pressures extending beyond each solvent-crude oil MMP, as observed in the experiments.
In fact, MMP determination using compositional simulations confirmed miscibility between the
three solvents and crude oil at the initial reservoir conditions of 150 °F and 6000 psi. However, it
is important to acknowledge that the HnP-EOR model indicated a relatively lower performance of

produced field gas in comparison to enriched field gas. Discrepancies between the experimental
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and modeling results for the recoveries of the two hydrocarbon (HC) gases may be attributed to
the influence of other mechanisms that were not explicitly accounted for in the model, such as

nanoconfinement and adsorption effects.

In the scCO2 HnP-EOR simulations using the shale oil reservoir model, an assessment of net
carbon efficiency reveals compelling insights. After five HnP-EOR cycles over a span of 10 years,
when operating at an injection pressure of 6000 psi, the produced-to-injected scCO> ratio stands
at approximately 66% (Figure 26). As injection pressure rises, this ratio significantly decreases,
reflecting improved scCO: solubility in the reservoir oil and a less carbon-intensive operation.
When the injection pressure is elevated to 10,000 psi, the ratio converges to roughly 33%,
signifying that around 67% of the injected scCO: is sequestered in the subsurface after 10 years.
It is worth noting that incorporating additional factors into the model, such as scCO, adsorption

on kerogen, may lead to further improvements in this analysis.

Impact of geochemical reactivity on capillary displacement and effective diffusion during CGS

Geochemical reactions resulting from the dissolution of scCOz in brine have been experimentally
demonstrated to induce microstructural changes in both storage zones (Seyyedi et al. 2020, Wang
et al. 2020, Kim et al. 2023) and confining zones (Mouzakis et al. 2016, Qin et al. 2017, Pan et al.
2018b, Sanguinito et al. 2018, Goodman et al. 2019, Fatah et al. 2021, Gholami et al. 2021, Qin et
al. 2022, Medina et al. 2023, Wang et al. 2023) even over relatively short treatment durations,
typically a few weeks. These effects on storage zones are often observed through scCO»-enriched
brine dynamic injection tests in limestone core samples. Notably, substantial dissolution (resulting
in wormholes) is observed near the core plugs' inlet, followed by limited precipitation in the distal

region. While dynamic tests are valuable for assessing geochemical impacts in high-flow regions,
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the duration of reactivity is extended because "fresh™ reactant species (e.g., H+) continue to be

supplied in open flow systems.

Conversely, investigations into the geochemical alterations of confining zones are typically
conducted via static scCO- treatments in closed systems using crushed samples of micrometer size.
Significant geochemical reactivity is evidenced by the preferential dissolution (and precipitation)
of carbonate minerals, which subsequently influence pore size distributions. However, the
remarkably low effective diffusivity observed within nanoporous confining zones leads to the
establishment of concentration gradients of reactant species (e.g., H+) across the sample. During
the diffusion process through the sample, these reactant species are actively involved in
geochemical reactions, particularly in fast-kinetics reactions such as the dissolution of calcite
through an acid mechanism (as represented by Equation 5.8). This active participation depletes
their concentration in distal regions of the core sample, thus generating a diffusion-reaction
concentration gradient of these species. The diffusion-reaction concentration gradient plays a
pivotal role in promoting surface reactivity and intensifying reactions within systems characterized

by high specific surface areas, such as crushed samples.

Overall, modeling studies on reactive transport demonstrate that geochemical reactions driven by
scCO; diffusion within nanoporous confining zones are anticipated to impact properties over
timescales spanning hundreds to thousands of years (Gaus et al. 2005). To address the challenge
of prolonged experimental durations, a promising strategy involves the combination of quantitative
analytical tools capable of concurrently monitoring these alterations at the surface level, down to

the nanometer, micrometer, and millimeter depths of invasion.
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In Chapter 7, the influence of geochemical reactions is quantified through surface characterization
and three distinct pore size distribution (PSD) measurements performed on thin disk samples.
Scanning electron microscopy (SEM) with energy-dispersive X-ray spectroscopy (EDS) analysis
and X-ray fluorescence (XRF) measurements reveals calcite dissolution preferentially occurring
at the sample’s surfaces, while other potentially reactive minerals such as dolomite, clays, and
pyrite remain unaltered. Moreover, aside from salt precipitation, the sandstone storage zone
exhibited minimal reactivity. Experimental studies conducted over comparable timeframes and
under analogous conditions also reported preferential carbonate reactivity of confining zones
(Mouzakis et al. 2016, Miller et al. 2016, Sanguinito et al. 2018, Goodman et al. 2019, Wang et al.
2023) and minimal quartz reactivity in storage zones (Wigand et al. 2008, Lu et al. 2012, Shi et al.
2019, Kim and Makhnenko 2022, Kim et al. 2023). However, it is conceivable that extended
treatment periods (0.5-1.5 years) might reveal some level of reactivity with quartz, as reported in

previous studies (Rathnaweera et al. 2016, Gholami et al. 2021).

Although evident surface reactivity of carbonate-rich confining zones is observed, minimal
alterations are detected in the PSDs of the bulk rocks obtained through mercury injection capillary
pressure (MICP), nuclear magnetic resonance (NMR), and nitrogen (N2) adsorption following
treatment. Consistent minor changes are identified in the case of the carbonate-rich sample S3:
MICP indicates a slight increase in the amplitude within the 100-1000 nm range, followed by a
decrease in the main peak within the 1-10 nm range (Figure 51). NMR T2 spectrum exhibits a
small inflection around the 1-20 ms range (Figure 52), and N2 adsorption demonstrates a modest
increase in the primary peak within the 20-40 nm range, followed by a slight reduction in the fine-

mesopores spanning 1-20 nm (Figure 53).
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An alteration in surface mineralogy driven by calcite dissolution could change surface
hydrophilicity and impact the wettability in the scCO2-brine-rock system. However, the fluid-
equilibrated scCO2-brine-rock contact angles here reported are little influenced by the reactivity
occurring at the surface (Figure 50). The rocks here studied maintain their water-wettability at
high pressure conditions (~20 MPa) and even after moderate or strong surface reactivity. Calcite
dissolution in the forms of etching and pitting could locally increase the surface roughness (Figure
46(f)), which has been found to decrease contact angle in hydrophilic surfaces of pure minerals
(e.g., quartz, calcite) (Arif et al. 2017, Al-Yaseri et al. 2016). However, in fine-grained
heterogeneous surfaces such as confining zones, the large difference in scale between the static
scCO, bubble (millimeter-size) and grain-size (micrometer to nanometer) accounts for small
roughness changes due to dissolution that could impact the contact angle. Here, it is also found
that using NMR to assess wettability alteration due to dissolution in nanoporous media (Tinni et
al. 2015, Mukherjee et al. 2020) is experimentally challenging because the geochemical reactivity

observed does not appear to influence the surface relaxivity of the bulk rock (Figure 52).

The NMR T, H.0-D2O diffusion measurements on horizontal and vertical (i.e. parallel and
perpendicular to bedding, respectively) confining zone samples reveal compelling insights. Before
scCOz treatment, a faster effective DO diffusion on the horizontal samples (~ 3.6-4.2 x 101 m?/s)
was observed as compared to vertical orientation (~ 1.1-1.5 x 10°2% m?/s) for the samples extracted
from the subsurface (S4 and S6) (Figure 55). However, the outcrop sample (S5) exhibit much
lower orientation-dependent variation, with both horizontal and vertical diffusivities (~ 1.3-1.4 x
101° m?/s) in the range of vertical diffusivities on subsurface samples. To explore the influence of

anisotropy on the diffusivity of confining zones, P-wave velocities were measured in all samples
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in the “as-received state” and under low confining pressure (250 psi) (Figure 56(a)). The results
in Figure 56(b) indicate a correlation between P-wave anisotropy and diffusivity anisotropy in
confining zone samples under low effective stress. The highest anisotropy in diffusive and acoustic

properties was observed in the clay-rich sample S4 (illite > 50 wt.%) (Table 7).

Combined with the bulk D20-H.0 diffusivity value at room temperature (2.2 x 10° m?/s at 25 °C)
(Baur et al. 1959) and Equation 1.5, the findings reveal tortuosity ranges of 5.2 to 6.1 in the
horizontal orientation and 14.8 to 20.8 in the vertical orientation for the subsurface samples
(Figure 55). These variations in tortuosity with orientation indicate that diffusive leakage
estimations and reactive-transport models could be overestimating the vertical effective scCO;
diffusivity in confining zones in roughly 3-4 times if relying on tortuosity measurements conducted
on horizontal samples. Additionally, the diffusivity anisotropy of confining zones (i.e. faster
horizontal diffusion) is a factor that should be accounted for during estimation of diffusive leakage
parallel to bedding along a fault penetrating a confining zone. Risk of leakage along a fault has
been critically evaluated during CGS (Xiao et al. 2024), although experimental and modeling
studies have indicated that geological faults can undergo self-sealing, primarily due to calcite
precipitation, leading to a reduction in fault leakage (Jung et al. 2014, Patil et al. 2017, Miocic et

al. 2019).

After scCO> treatment, the effective D20 diffusivity of horizontal samples (Figure 57) and vertical
samples (Figure 58) exhibit different responses. The clay-rich subsurface sample (S4) shows
consistent increase in diffusivity (i.e. decrease in tortuosity) over treatment time, irrespective of
orientation. In contrast, the quartz-rich outcrop sample (S5) demonstrates minimal changes in

diffusivity over time in either orientation. The carbonate-rich subsurface sample (S6) shows a
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distinct pattern, with a temporary reduction in diffusivity after one week of treatment, followed by
an increase after three weeks. In comparison to the existing literature, Wollenweber et al. (2009)
documented a slight increase in the effective scCO, diffusivities (ranging from 7.8 x 10! to 1.2
-1071% m2/s) for a confining zone sample after undergoing treatment (at ~115 °F and pressure below
1300 psi) over a duration of 240 hours. The observed changes were attributed to alterations in
mineral composition and texture, particularly the dissolution and precipitation of carbonates.
Similarly, in repeated scCO: diffusivity measurements (performed at ~122 °F and pressures
between 870-1015 psi), Busch et al. (2008) reported a slight increase in scCO- diffusivity (from
3.1 to 4.8 x 10 m2/s). This increase was interpreted as potentially being associated with

interactions between CO> and clay minerals in their initial measurement.

Here, elemental composition changes measured through XRF surface analysis over the treatment
period, as depicted in Figure 48, revealed alterations only in the case of sample S6, specifically a
reduction in CaO content. This suggests that the observed increase in diffusivity in sample S4 is
unlikely to be attributed to geochemical mineral alteration. Furthermore, examination of the total
diffused volume over time, as presented in Figure 59, indicates a lack of significant alterations in
any of the samples, signifying the preservation of the exchangeable brine-filled pore volume over
the course of treatment. It is possible that the enhanced diffusivity on S4 post-scCO. treatment is
attributed to other interactions between clay minerals and CO> (e.g. absorption and ion exchange),
as documented by Espinoza and Santamarina (2012). For the quartz-rich sample (S5), the
negligible changes in diffusivity align with the observed lack of quartz reactivity, as depicted in
Figure 46. In the case of the carbonate-rich sample (S6), the fluctuations observed in diffusivity,

in conjunction with the reduction in CaO content during treatment, suggest a potential combined
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mechanism involving surface calcite dissolution and possible subsurface precipitation. This
mechanism may also be inferred from the consistent minor alterations in pore size observed in the
carbonate-rich sample (S3) (Figure 51, Figure 52, and Figure 53). Overall, although slight
changes in diffusivity were observed after treatment, Figure 66 suggests small impact in the

estimation of long-term scCO> diffusive penetration in the confining zone.

Significant insights were gained from the scCO2 breakthrough experiments performed on brine-
saturated thin disk confining zone samples under subsurface conditions of elevated pressure and
temperature. A validation experiment using a thin disk nanoporous ceramic sample with a specific
pore diameter of approximately 50 nm exhibited a breakthrough pressure (PgT) consistent with the
value determined through MICP pore size distribution (Pet ~ 560 psi, Pemice ~ 580 psi) (Figure
60). This validation test employed nitrogen (N2) at room temperature, which has higher surface
tension and a smaller contact angle, resulting in a larger capillary pressure, compared to scCO;
under subsurface conditions (as determined by Equations 7.1 and 7.2). In this validation test, a
visual indication of gas breakthrough was observed after approximately 500 minutes of injection.

Subsequently, a two-phase flow of N2 and brine occurred, followed by single-phase N flow.

Conversely, the scCO> breakthrough experiments conducted on intact confining zone samples (S4
and S6) at subsurface conditions, both before and after scCO, treatment, and under low net
confinement (600 psi), did not reveal scCO- displacing brine within the samples (Figure 62). Prior
to scCO> treatment, these experiments involved applying substantial differential pressures, with
inlet pressures exceeding outlet pressures by up to 4500 psi. These pressures were at least 2000
psi greater than the breakthrough pressures predicted by MICP measurements on the same samples

in their dry state (Figure 61(b)). It is essential to note that before treatment, the experiments were
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conducted with large incremental pressure steps of approximately 500 psi and for relatively short

injection durations, spanning around 2 days.

Following scCO- treatment, the pressure increments were reduced to 100 psi, and the experiments
extended for up to 10 days, with differential pressures reaching up to 800 psi. Notably, at high
pressures, the tests revealed a significant reduction in pump volumes, exceeding 10 times the pore
volume of the samples (more than 4 mL compared to ~0.4 mL). However, despite the decrease in
pump volumes, no visual indications of scCO: displacing brine were observed in the post-
treatment tests. Based on the trend between pump volume with time (Figure 62), it is hypothesized
that the reduction in pump volume observed is associated with slow molecular diffusion of scCO;

saturating the outlet brine in the experimental setup.

In contrast to initial expectations, the absence of scCO: displacing brine in confining zones, even
under conditions of elevated pressures, is a well-documented phenomenon in previous
experimental investigations (Hildenbrand and Krooss 2003, Amann et al. 2011, Edlmann et al.
2013, Kivi et al. 2022). The findings of Hildenbrand and Krooss (2003) revealed that certain
experiments on confining zones exhibited no discernible breakthrough of the scCO; phase during
capillary pressure tests, attributing the results to a slow molecular diffusion process. Amann et al.
(2011) conducted scCO2 breakthrough tests where only diffusive gas transport was observed, and
effective scCO> diffusion coefficients appear to increase with time. Based on the apparent
diffusivity, they suggested that a period of 170 days would be required to establish nearly steady

state conditions during the test.

Edlmann et al. (2013) provided further insights indicating that scCO> does not flow through tight

natural caprock fractures even under substantial differential pressures exceeding 7400 psi.
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However, they noted that below the critical point where CO> transitioned into its gas phase,
gaseous CO- readily traversed the caprock fractures. Kivi et al. (2022) conducted experiments with
large differential pressure (4930 MPa), which drove scCO; into caprock specimens. However, the
relative permeability increase along the drainage path was insufficient to enable effective
advancement of free-phase scCO., rendering it nearly immobile. This observation led to the
conclusion that the sealing capacity of caprock is unlikely to be compromised by rapid capillary
breakthrough. Instead, it was revealed that scCO> dissolved in brine predominantly migrates over

extended timescales, driven by the inherently slow molecular diffusion in confining zones.

Notably, certain experiments conducted on tight samples did indicate CO> breakthrough. However,
these experiments were performed either using sediment packs comprising sand, silt, and clay
materials (as seen in Espinoza and Santamarina (2017)) or by injecting CO- in either gaseous or
liquid phases (as observed in Stavropoulou and Laloui (2022)). When integrating the findings of
this research study with those from the existing literature, it becomes evident that a complex
interplay between capillary displacement and molecular diffusion processes governs the dynamics

of scCOz transport in confining zones.
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Conclusions

In this dissertation, two sets of studies involving scCO2-fluids-rock interactions in nanoporous

media, particularly relevant to enhanced oil recovery (EOR) in unconventional liquid-rich shale

reservoirs (ULR) and carbon geostorage (CGS), were performed. The first study combined

laboratory experiments and modeling to optimize key properties related to the Huff-and-Puff EOR

operation in ULR. The second study delved into the effect of geochemical reactions, arising from

scCO.-brine-rock interactions, on the transport and petrophysical properties of confining zones

during CGS. The integration of these two studies provided the following conclusions:

The specific surface area of laboratory samples intensifies the magnitude of responses
pertaining to fluid mobilization, especially in nanoporous systems where concentration-driven
flow is a relevant transport mechanism. The large and fast oil and water recovery factors
(typically above 50 %) during the 21 HnP-EOR tests in ULR using crushed-sized samples (7-
8 mm) demonstrate this concept. Conversely, short-term geochemical reactivity in nanoporous
confining zones using inch-sized samples (i.e. lower specific area) appears to be limited to a
region near the sample surface, preserving the bulk rock properties. Moreover, the results
indicate that the apparent diffusivity of the reacted zone is 4-5 orders of magnitude smaller
than the effective scCO, diffusivity in the confining zone (9 x 10 to 5-15 x 1071 m?s,
respectively). Integration of these results suggests that even after a century of injection, the
CO2 molecule penetration appears to be limited to around 7 meters deep in the studied
confining zones including the effect of short-term geochemical reactivity. The limited

penetration is expected to decrease even further under subsurface conditions of effective stress.
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During HnP-EOR in ULR, scCO: outperforms the positive linear trend in oil recovery with
injection pressure for both produced and enriched field gases. The 21 tests conducted in the
shale rock coupled with bulk oil tests indicate preferential production of lighter fractions,
resulting in an increase in oil heaviness after each cycle. The increase in oil heaviness after
each cycle results in a rise in the solvent-residual oil MMP. Given the oil compositional
differences, this phenomenon appears to be more pronounced when the shale matrix is
introduced. Therefore, the linear oil recovery trend with injection pressure, even above the
original MMP, is possibly attributed to a combination of increasing solvent-residual oil MMP
and the linear rise in diffusion coefficients of hydrocarbon gases in crude oil with pressure.
The experimental findings of scCO- solvent efficiency align with the shale oil reservoir HnP-
EOR model. The simulations indicate an increase in net carbon efficiency as injection pressure
rises, with roughly 67% of the injected scCO> sequestered in the subsurface at 10,000 psi
injection pressure after 10 years of operation.

The CGS scCO:> treatment study reveals clear evidence of geochemical reactivity, particularly
in carbonate-rich confining zones. Calcite dissolution is preferentially observed at the surface.
Despite surface reactivity, the water-wettability in the scCO2-brine-systems measured by the
captive-bubble technique is preserved. Minimal alterations in pore size distribution (PSD) of
the intact bulk rocks are observed through three different PSD measurements. The diffusion
measurements show anisotropy in the diffusivity of confining zones, with horizontal diffusion
faster than vertical diffusion in subsurface samples. A correlation between P-wave anisotropy
and diffusivity anisotropy is documented. The highest anisotropy observed correlates with

increasing clay content. The response of diffusivity to scCO. treatment varies among different
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samples. Clay-rich subsurface samples exhibit an increase in diffusivity after treatment, while
quartz-rich outcrop samples show minimal changes. The carbonate-rich subsurface sample
exhibits a distinct pattern, with a temporary reduction in diffusivity followed by further
increase. Although slight changes in diffusivity are observed after scCO; treatment, the
predicted impact on scCO: diffusive leakage in confining zones appears to be small. The scCO;
breakthrough experiments on brine-saturated thin disk confining zone samples under
subsurface conditions highlight the complexity of scCO, transport. Contrary to initial
expectations, scCO- did not displace brine in the confining zones, even under high pressures.
This phenomenon has been observed in previous research and underscores the importance of

molecular diffusion in confining zones during CGS.
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Recommendations for Future Work

While this dissertation has contributed to the comprehension of scCO2-fluids-rock interactions

within nanoporous systems and their applications in EOR and geostorage, it is crucial to

acknowledge the existing limitations of this work. Identifying these limitations is essential for

guiding future research endeavors. In this context, the following suggestions are proposed:

In the first study involving HNP-EOR in ULR using various solvents under varying miscibility
conditions, it is advisable to validate the outcomes obtained in crushed-sized experiments
through the utilization of hydraulically-fractured core samples. Testing under conditions of
confinement and pore pressure resembling those in subsurface HnP-EOR operations is
recommended. This approach enhances the accuracy of estimating absolute values for crude
oil and brine recovery factors during HnP-EOR and facilitates the upscaling to reservoir scale.
However, it is important to acknowledge a potential limitation associated with this approach,
specifically the prolonged experimental duration required to observe fluid recovery in such
conditions. Additionally, the suggestion of real-time quantification of fluid phase recovery
factors under pressurized conditions akin to subsurface environments is proposed. The
reservoir simulations performed can be enhanced by incorporating additional factors such as
nanoconfinement, adsorption onto shales, and geochemical interaction with reservoir brine.

In the second study pertaining to the long-term integrity of confining zones during CGS, it is
advised to prolong the duration of scCO> treatment, extending it to a scale of months or even
up to a year. This prolonged treatment duration aims to enhance confidence in the limited
propagation of short-term geochemical reactivity within nanoporous confining zone systems.

Additionally, it is recommended to incorporate supplementary measurements, including
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profilometry, to precisely ascertain the depth of reaction propagation and estimate reaction-
diffusion coefficient. Profilometry measurements should also be performed to estimate the
impact of surface roughness resulting from geochemical reactivity on captive-bubble
wettability assessments. To refine effective diffusivity measurements, it is suggested to
conduct them under pressurized conditions that mimic confinement and pore pressure,
providing a more accurate estimation of effective scCO: diffusivities and long-term diffusive
leakage. In the context of scCO- breakthrough tests, pre-equilibrating the outlet brine with
scCOz is recommended to minimize pump volume loss via diffusion and gain deeper insights
into scCO- displacing brine saturating confining zones. Furthermore, it is advisable to collect
the outlet brine post-experiment and perform inductively coupled plasma (ICP) measurements
to elucidate mineralogical changes in sample composition following exposure to scCO>. These
additional measures and considerations aim to enhance the comprehensiveness and reliability

of the study's findings.
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Appendix A

Results of the petrophysical characterization after HnP-EOR tests using produced and enriched
field gases on the two Eagle Ford samples is discussed in this section. Figure 63 shows the MICP
pore throat size distributions (PTSD) of the two Eagle Ford samples after the tests. Similarly, the
PSD obtained with N2 adsorption are shown in Figure 64. It is clear that fluid removal after HnP
yields an increase in pore volume in the nanopore range. The N2 adsorption PSD appears to reflect
better the effect of pressure on the increase in nanopore volume due to fluid removal. Figure 65
depicts the scanning electron microscopy (SEM) images of a high recovery sample (EF2, produced
field gas, 4850 psi or 1000 psi above the MMP) taken at the same location before (Figure 65(a))
and after (Figure 65(b)) HnP-EOR. Regions of organic matter showed a reduction in porosity
associated with potential film coating the sample and clogging the organic pores after HnP-EOR.
In Figure 65(c), a plan view image of a region rich in organics was obtained. Further cross-section
images (Figure 65(d) and (e)) using FIB-SEM suggests that the pore blockage occurs mainly at
the surface and the porosity remains unaltered with depth. Insights from molecular dynamics
(Perez and Devegowda 2020) indicate that fraction of heavy hydrocarbons remains adhered to the

surface due to their lower energy and could be deposited as a film as observed in the SEM images.
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Figure 63. Mercury injection capillary pressure (MICP) pore throat size distribution (PTSD) of the crushed (7-8
mm) Eagle Ford samples (EF1 and EF2) obtained before and after each HnP-EOR test using produced and enriched
field gases and varying injection pressures. (a) EF1 using produced field gas. (b) EF1 using enriched field gas. (c)
EF2 using produced field gas. (d) EF2 using enriched field gas. All PTSD show an increase in amplitude at the main
nanopore range associated with fluid removal. No clear correlation between the amplitude increase and injection

pressures was observed.
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Figure 64. Isothermal nitrogen adsorption pore size distribution (PSD) of the crushed (7-8 mm) Eagle Ford samples
(EF1 and EF2) obtained before and after each HnP-EOR test using produced and enriched field gases and varying
injection pressures. (a) EF1 using produced field gas. (b) EF1 using enriched field gas. (c) EF2 using produced field
gas. (d) EF2 using enriched field gas. An increase in the mesopore (2-50nm) and macropore (>50nm) volume is

observed after HnP associated with fluid removal. The increase appears to be amplified with increasing pressure.
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Figure 65. SEM images of a high-recovery sample (EF2, produced field gas, 4850 psi). (a) before EOR. (b) after

EOR, displaying reduced porosity and potential surface coating clogging the organic pores. (c) plan view of an
organic-rich area. (d) and (e) cross-section images using FIB-SEM reveal that pore blockage is superficial, with
deeper porosity remaining unchanged. Molecular dynamics suggest heavy hydrocarbon fractions adhere to the

surface (Perez and Devegowda 2020), possibly forming the observed film in the SEM images.
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Appendix B

Detailed FTIR mineralogy of the samples used in the CO,-geostorage study can be found in Table
7. It indicates that the Navajo Sandstone (S1) is quartz-rich, Meramec (S2) is quartz/clay-rich,
Uinta (S3) is carbonate-rich, Utica (S4) is clay-rich, Woodford (S5) is quartz-rich, and Eagle Ford
(S6) is carbonate-rich.

Table 7. Detailed FTIR mineralogy (wt.%) of the samples used in this study.
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Appendix C
The non-steady state one-dimensional diffusion across a porous medium (thickness 21) sealed at
the edges, where initial concentration of the diffusing substance is zero, and bounded by two

parallel planes (x = %) of equal and constant surface concentrations (C,) is stated as follows

(Crank 1979):
C=0(C, x =0, x=1, t >0 (C.1)
C=0, -l <x <+l t=0 (C.2)

Solution to this problem is obtained in the form of a trigonometrical series:

C 4 (D" (2n + nx
€_,_ Ezo : St (C3)

-D 2 1)2m?t /417
C. o 1exp{ err(2n + 1)2m%t/41%} cos o
where D, is the effective diffusion coefficient of the diffusing substance in the porous medium.

The total volume of the substance (V;) which has entered the medium at a time t is obtained by:
v, 8 v 1 Y
E =1- Fzmexp{—Deff(Zn + 1) T t/4l } (C4)
n:
where 1, is the total volume at infinite time or obtained when diffusion ceases. Analogously, the
concentration profile of diffusing CO> across a brine-saturated confining zone (thickness 1), from
a reservoir-caprock boundary (x = 0) saturated in CO2 (C; = Cqq¢), toward an upper layer (x = [)

having negligible CO> concentration (C, = 0), is obtained by:

C_1 X Zil {Dzztlz},nnx Cs
o [T 1nexp nm“t/l°} sin i (C.5)
n=
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The equation for the total volume of CO2 which has diffused in the confining zone (V;) ata time t
has the same form as in Equation C.4, with the exception that the volume at the end of diffusion

(Vo) is substituted by the volume of the confining zone if it was saturated in CO2 (Vs4:). By

integrating the rate at which CO2 emerges from a unit area of the outer layer {—D (‘;—i) } the
x=l

total volume of CO2 which has leaked from the confining zone (Q,) at a time t is obtained:

Q; Dt 2 < cosnm

=—+4— 1- —Dn?m?t/1? :

IC.. PR - {1 - exp(—=Dn“n*t/1°)} (C.6)
n=
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Appendix D

Table 8 shows the results of NMR T2 H.0-D,O diffusion measurements on group 2 samples in
both horizontal and vertical orientations during scCO> treatment. Presented data includes measured
effective DO diffusion coefficients and tortuosities. Additionally, estimates of effective scCO;
diffusion coefficients under subsurface conditions (150 °F, 3000 psi, and 1 M salinity brine) are
provided. In Figure 66, concentration-distance profiles illustrating the effective diffusion of scCO>
within the confining zone over time, utilizing Equation C.5 and the estimated effective scCO>
diffusion coefficients for sample S4 in subsurface conditions as detailed in Table 8. The modeling
approach considers non-steady 1D diffusion, where the storage reservoir-confining zone boundary
is saturated in scCO2, while the outer boundary condition for the confining zone maintains a scCO>
concentration of zero. The figure demonstrates that effective diffusion within horizontal samples
(parallel to the bedding) penetrates to greater depths over time compared to vertical samples
(perpendicular to the bedding). Figure 66(a) and Figure 66(b) show the estimation of scCO;
penetration using diffusivities for sample S4 before and after 3 weeks of scCO2 treatment,
respectively. Without the effect of short-term geochemical reactivity, after 100 years, scCO does
not extend beyond approximately 5 meters in either sample. Including short-term geochemical
reactivity, after 100 years, the scCO2 penetration increases slightly from 5 meters to 7 meters along
the horizontal direction.

Table 8. Summary of the results for the NMR T, H,O-D,0 diffusion measurements on group 2 samples in

horizontal and vertical orientation during scCO, treatment. The measured effective D,O diffusion
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coefficients and tortuosities are reported. The table also includes an estimation of effective scCO,

diffusion coefficients at subsurface conditions of 150 °F, 3000 psi, and 1 M salinity brine.

Deff,Dzo (10'10 X

Defrsccoz (10720 x

Sample  Orientation  Treatment time (weeks) m2/s) Tortuosity me/s)
0 3.6+£05 6.1+£0.38 6.6+0.8
Horizontal 1 43+05 51+£06 79+£10
3 57+£05 39+06 104+£1.6
S4
0 11+0.1 208+2.4 1.9+0.2
Vertical 1 1.4+0.2 159+15 25%0.2
3 21+0.2 109+1.2 3.7+04
0 14+0.1 15714 25%0.2
Horizontal 1 14+0.1 159+1.2 25%0.2
3 1.3+0.1 174+1.4 23+0.2
S5
0 1.3+0.1 17.1+£1.7 2.3+0.2
Vertical 1 1.4+0.2 154+1.6 26+0.3
3 1.4+0.2 158+23 25+04
0 42+05 52+0.7 76+1.0
Horizontal 1 24+04 92+14 44+06
3 3.6+0.6 6.2+1.0 65+11
S6
0 15+0.2 148+19 27+0.3
Vertical 1 1.3+0.2 16.6 +2.4 24+0.3
3 1.8+0.3 123+19 3.2+05
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Figure 66. Concentration-distance profiles of the effective diffusion of scCO; in the confining zone as function of
time using Equation C.5 and the effective scCO; diffusion coefficient values for sample S4 estimated in subsurface
conditions shown in Table 8. Mathematical assumption is a 1D non-steady diffusion where the boundary condition
for the storage reservoir — confining zone is saturated in CO», while the concentration of CO in the outer boundary
condition for the confining zone is zero. The figures show that effective diffusion in horizontal samples (along the
bedding) penetrates deeper with increasing time as compared to vertical samples (perpendicular to bedding). (a)
Using diffusivities for S4 before scCO; treatment, after 100 years, scCO; does not penetrate farther than ~5 m in
both samples. (b) Using diffusivities after 3 weeks scCO- treatment, after 100 years, the maximum penetration depth
increases slightly, from 5 m to 7 m. The upscaling of laboratory diffusivity measurements on thin disk samples
before and after scCO, treatment to reservoir scale indicate small impact of short-term geochemical reactivity on the

diffusive properties of confining zones.
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